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ABSTRACT 

 

INFLUENCE OF GEOCHEMICAL PROCESSES ON THE GEOMECHANICAL 

RESPONSE OF THE OVERBURDEN DUE TO CO2 STORAGE IN SALINE AQUIFERS  

 

Sai Bharath Kumar Varre  

 

Saline aquifers have been identified as desirable geologic formations, suitable for the 

storage of carbon dioxide (CO2) in large amounts. While the impermeable caprock layer(s) in the 

overburden provide(s) the primary trap for injected carbon dioxide, other trapping mechanisms, 

such as solubility, residual, ionic or mineral trapping, help contribute to CO2 storage. 

Geochemical reactions alter the petrophysical properties such as porosity in the target reservoir, 

and may have an influence on the reservoir storage capacity. When CO2 is injected for long 

periods of time, it changes the fluid pressures and the overburden geomechanical response. The 

geomechanical response associated with time-dependent geochemical reactions may also 

influence the integrity of the caprock layer and the long-term fate of injected CO2. 

 

In the current study, coupled multiphase fluid flow and geomechanical modeling with 

geochemical reactions was performed to simulate the long-term (1,000 years), large-scale 

injection of CO2 (up to10 million metric tons per year) into a deep saline aquifer. The primary 

objective of the study is to investigate the influence of geochemical reactions on the 

geomechanical response of the overburden during long-term CO2 injection. The geochemical 

modeling results show that geochemical reactions, such as mineral dissolution and precipitation, 

do not have a significant influence on reservoir rock porosity (about 2% reduction). However, an 

increase in the mineral reaction rate constants resulted in a reduction of about 35% in rock 

porosity. Modeling results show that the inclusion of geochemical reactions in the 

geomechanical models does not have a significant influence on the computed ground 

displacements during the injection and post-injection periods. However, brine salinity and CO2 

solubility have an influence on the computed pressure buildup and ground displacements during 

CO2 injection. In this study, the influence of a vertical permeable zone (damage zone) around the 

wellbore on CO2 leakage during long-term CO2 injection was investigated. Modeling results 

show that the damage zone permeability and the vertical extent of the damage zone have a 

significant influence on the amount of CO2 leakage. Modeling results also show that the vertical 

extent of the damage zone does not have a significant influence on the computed ground 

displacements. Therefore, the computed ground displacements may not be a good indicator of 

the extent of damage zone around the wellbore. 
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Chapter 1: INTRODUCTION 

 

1.1 Background 

 

Over the past three decades, global warming has become more apparent, with the 

earth’s mean surface temperature increasing by about 0.8°C (1.4° F) (Olivier et al., 

2012). The primary source for such a major change in the temperature is the increase in 

the atmospheric concentration levels of greenhouse gases. Greenhouse gases (GHG) are 

the by-products of human activities which includes burning of fossils fuels and 

deforestation, among others. Greenhouse gases absorb and emit infrared radiations, 

which leads to an increase in atmospheric temperature (Ming et al., 2014). Based on the 

global emission records for the past three decades, it has been reported that carbon 

dioxide (CO2) is the major contributor (9%-26%) to global warming besides other 

greenhouse gases such as methane (CH4), nitrous oxide (N2O), and fluorinated gases 

(FC’s) (Lee et al., 2013). 

In the United States of America, CO2 alone contributes to almost 80 % of the total 

greenhouse gas emissions (NRC, 2011). In 2011, CO2 global emissions have increased by 

3%, reaching a record high of 34 billion tonnes (Olivier et al., 2012). As of December 

2013, it has been reported that the CO2 concentration levels in the atmosphere has 

increased to 396 parts per million (ppm), which translates to an increase of 2.07 ppm per 

year in the last decade (www.CO2NOW.org). Since fossil fuels provide for almost 75% 

of the world’s energy and are likely to meet energy demands for atleast a few more 

decades, it is believed that CO2 emissions from human activities are likely to increase 

continuously (Dhakal, 2010; Gu, 2009). Scientific studies have indicated that if the 

cumulative emissions in the next three decades are kept below 1,500 billion tonnes, then 

the average global rise in temperature can be limited to 2° C (1.11° F) (Olivier et al., 

2012). It is important to reduce CO2 emissions in the atmosphere as it not only controls 

the greenhouse gas effects, but also stabilizes the ecosystem (Gu, 2009). There are 

several ways to reduce CO2 emissions into the atmosphere, which include energy 

conversion and geological sequestration, among others (Audigane et al., 2007; Bachu et 
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al., 2007; U.S.D.O.E, 2012). Energy conversions involve the efficient usage of energy by 

using low-carbon or carbon-free fuels, and technologies such as renewable energy 

sources which include solar, wind, and biomass fuels (Audigane et al., 2007; Bachu et 

al.,2007;U.S.D.O.E, 2012). Geological sequestration of CO2 involves the storage of CO2 

in deep geological formations such as saline aquifers, depleted oil or gas reservoirs, and 

unmineable coal seams (Audigane et al., 2007; Bachu et al., 2007; Cantucci et al., 2009; 

CO2CRC, 2008; Hosa et al., 2011). 

1.2 Geologic Sequestration of Carbon Dioxide 

 

Geologic sequestration involves the process of capturing CO2 released into the 

atmosphere from various sources such as high CO2 natural gas fields, liquefied natural 

gas (LNG), or coal-fired power stations. CO2 is then transported through pipelines and 

injected into geological formations, such as depleted oil or gas reservoirs, coal seams, 

deep oceans, basalt formations, shale formations, and saline formations for long-term 

storage (Audigane et al.,2007; Bachu et al., 2007; Cantucci et al., 2009; CO2CRC, 2008; 

Hosa et al., 2011). These subsurface geological units are believed to have both, large 

storage capacities and the ability to securely store CO2. A brief description of the CO2 

storage in three main geological sequestration sites is given below.  

 

1.2.1 Oil and Gas Fields 

 

CO2 can be stored in oil and gas reservoirs when they have been depleted, or can 

be used for enhance oil or gas recovery operations in fields that are still producing 

(Cantucci et al., 2009; CO2CRC, 2008; Hill et al., 2013). Such reservoirs are usually 

porous rock formations overlain by layers of low permeability rock(s) acting as a seal. It 

has been reported by the National Petroleum Council (NPC) that approximately 3,000 

million cubic feet per day of CO2 are presently being injected for enhanced oil recovery 

(EOR), producing about an additional 3 million barrels of oil per day (Hill et al., 2013; 

NPC, 2011). The advantage of selecting depleted oil or gas reservoirs for CO2 storage is 

that they have both, a proven record of hydrocarbon containment for millions of years, as 
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well as the availability of well established geologic and engineering data required for 

detailed site characterization (IPCC, 2005). A few projects related to CO2 storage in oil 

and gas reservoirs, reported in the literature include the Weyburn Project, Canada 

(Cantucci, et al., 2009; Uddin et al., 2013),  West Pearl Queen site, USA (Cooper et 

al.,2008; Pawar et al., 2004; Westrich et al.,2001), K12-B gas field, North Sea (van der 

Meer et al., 2004; Vandeweijer et al., 2011), and the CO2CRC Otway Basin Project, 

Australia (Sharma and Cook, 2007). 

  

1.2.2 Unmineable Coal Seams 

 

Coal seams are also considered to be another option for CO2 storage due to their 

long-term storage potential and enhanced coalbed methane production (Day et al., 2011; 

Garnier et al., 2011; White et al., 2005). CO2 storage in coal seams is controlled by 

adsorption onto the coal micropore surface as opposed to storage in the rock pore space, 

with more than 95% of CO2 stored as an adsorbed phase (Dutta et al., 2011; Perera et al., 

2012). Since coal has more affinity towards CO2, it releases methane (CH4) and adsorbs 

CO2 during the storage process (Busch and Gensterblum, 2011; Harpalani et al., 2006; 

Ottiger et al., 2008). Several pilot studies, which include both site characterization and 

field monitoring activities using titlmeters and tracers, have been conducted to 

demonstrate the potential of CO2 sequestration in unmineable or depleted coal seams 

(Siriwardane et al., 2011; Wageningen et al., 2009; Winschel et al., 2010). 

 

1.2.3 Saline Aquifers 

 

Saline aquifers are reported to have large storage capacities, exceeding 100 Mega 

tonnes (Eke et al., 2011; Hosa et al., 2011; Liu et al., 2011). Saline aquifers suitable for 

CO2 storage are deep sedimentary formations, saturated by water whose salinity is above 

the permissible limits of water that is useful for human consumption, agricultural or 

industrial use. Some of the industrial-scale projects which involve CO2 injection in deep 

saline aquifers include the Sleipner project in North Sea (Chadwick et al., 2004; Torp and 
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Gale, 2004), the In Salah project in Algeria (Idling and Ringrose, 2009; Rutqvist et al., 

2009; Shi et al., 2012), the Gorgon project in Australia (Hosa et al., 2011; Michael et al., 

2011), and the Snøhvit project in Norway (Eiken et al., 2011). Figure 1-1 shows some of 

the major saline aquifers in the United States of America (Szulczewski et al., 2012).The 

injection of CO2 into saline aquifers occurs at supercritical conditions, which generally 

exist in deep aquifers where CO2 has high density and solubility in the aqueous phase 

(Eke et al., 2011; Nghiem et al., 2004). Under such pressure and temperature conditions, 

CO2 occupies less volume enabling more storage (Eke et al., 2011). Saline aquifers are 

usually overlain by a low permeability overburden layer(s) that can trap CO2 for long 

geological periods. The current research work presented in this report mainly deals with 

the storage of CO2 in deep saline aquifers at a hypothetical sequestration site. More 

details of the study are presented in later sections. 

 

 

Figure 1-1: Major saline aquifers in the USA (Adapted from Szulczewski et al., 

2012). 

1.3 Problem statement 

 

While the impermeable caprock layer(s) in the overburden provide(s) the primary 

trap for injected CO2, other trapping mechanisms such as solubility, residual, ionic or 



 

5 

 

mineral trapping, help contribute to safe storage of CO2 in saline aquifers (Bachu et al., 

1994; Bachu, 2000; Basbug and Bennion, 2005; Dilmore et al., 2008; Doughty, 2010; 

Fang et al., 2010; Goodman et al., 2011; Liu and Maroto-Valer, 2011). The flow behavior 

of CO2 in deep saline aquifers was demonstrated by a few long-term, large-scale field 

projects. The understanding gained from these field studies are reported in published 

literature (Arts et al., 2008; Hosa et al., 2011; Michael et al., 2010; Morris et al., 2011). 

Several numerical modeling studies were also performed to understand the flow behavior 

of CO2 in saline aquifers due to different trapping mechanisms at different time scales 

(Bachu et al., 1994; Bachu, 2000; Basbug and Bennion, 2005; Dilmore et al., 2008; 

Doughty, 2010; Fang et al., 2010). More details of CO2 trapping mechanisms are given in 

Chapter 3 of this report  

 

Geochemical reactions that occur over longer period of time have a significant 

influence on trapping mechanisms in saline aquifers. Geochemical reactions at reservoir 

conditions depend upon several factors such as temperature, pressure, water salinity, rock 

mineralogy, fluid injection rates, and time-scale of geological storage (CO2CRC, 2008; 

Fang et al., 2010; van der Meer, 2005). Depending upon the nature and scale of 

geochemical reactions, CO2 may interact with the formation water, the reservoir rock, 

and the overburden caprock layer(s). These interactions may alter the rock properties 

such as porosity and permeability (Luquot and Gouze, 2009; Gaus et al., 2008; Yoo et al., 

2013). Leakage pathways may be created in the form of fractures in the wellbore cement, 

and along wellbore-cement-rock interfaces influencing CO2 injectivity, storage capacity, 

and seal integrity (Carroll et al., 2012; Jun et al.,2013; Mason et al., 2013; Walsh et al., 

2012). Several experimental and numerical studies have shown that geochemical 

reactions may have an influence on fracture geometry and hydrodynamic properties of 

reservoir rock (Andreani et al., 2008; Deng et al., 2013; Ellis et al., 2011; Gherardi et al., 

2007).  

 

During CO2 injection, fluid pressure increases in the reservoir and the surrounding 

layers. This leads to a reduction in effective stresses and an increase in vertical 

displacements in the overburden. Excessive surface deformation can lead to failure of 
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well casings, pipelines, and other underground utilities (Khakim et al., 2012). Moreover, 

excessive deformations may also cause significant damage to surface structures. The 

presence of geologic features such as a caprock fracture or fault may cause CO2 leakage 

into the overburden layers, which may lead to geomechanical instability (Keating et al., 

2013). Some geomechanical issues related to large-scale CO2 injection in saline 

reservoirs have been reported recently (Goodarzi et al., 2012; Morris et al., 2011;Rutqvist 

et al., 2008; Rutqvist, 2011;Siriwardane et al., 2013; Tran et al., 2009; Vilarrasa et 

al.,2011). In addition to coupled fluid flow and geomechanical modeling of CO2 storage, 

field monitoring studies using tiltmeters and interferometric synthetic aperture radar 

(InSAR), are being carried out to measure ground deformations with a precision in the 

sub-millimeter range over large areas (Khakim et al., 2012; Rutqvist et al., 2010; 

Siriwardane and Gondle, 2011). Such ground monitoring technologies have been used in 

the past at the Belridge and Lost Hills oil field (California, USA), and the InSalah site 

located in Krechba, Algeria (Mathieson et al., 2011; Morris et al., 2011; Patzek et al., 

2001). Although ground monitoring technologies provide great insight into the 

magnitudes and patterns of ground displacements (Siriwardane et al., 2013), and the fluid 

flow behavior, it is important to develop advanced modeling methods as the time-scale 

for evaluation of storage safety is usually in terms of hundreds and thousands of years. 

Such modeling studies require coupling between multiphase fluid flow, geomechanics, 

and the consideration of geochemical processes (Kvamme and Liu, 2009). Limited 

studies have been reported in the published literature with reference to the geomechanical 

response associated with the time-dependent geochemical reactions (Kvamme and Liu, 

2009; Walsh et al., 2012; Xiong et al., 2013; Zhang, 2013). In the research study 

presented in this report, the influence of geochemical processes on the geomechanical 

response is investigated. 

 

1.4 Research objectives 

 

The objective of this study is to investigate the influence of geochemical 

processes on the geomechanical response of overburden during CO2 injection into saline 
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aquifers. As a part of this study, multiphase fluid flow models coupled with 

geomechanics and geochemical processes were used to investigate the following: 

 Influence of geochemical processes on petrophysical properties, such as porosity 

and permeability of the target formation. 

 Transient pressure buildup during and after CO2 injection 

 Ground response during long-term (up to 1,000 years), large-scale (up to10 

million metric tons per year) injection of CO2. 

 Influence of a damage zone around the wellbore on CO2 leakage and ground 

displacements. 

 

Subsequent chapters present the research work performed to achieve the above 

objectives. Chapter 2 provides a review of s recent research work on the potential of CO2 

storage and various issues related to CO2 sequestration in saline aquifers as reported in 

the literature. Chapter 3 presents different CO2 trapping mechanisms in saline aquifers. 

Mathematical details and numerical methodology of coupled fluid flow, geomechanical, 

and geochemical modeling of CO2 sequestration in saline aquifers is presented in Chapter 

4 and Chapter 5. A validation of the coupled fluid flow, geomechanics and geochemical 

modeling presented in Chapter 4 and Chapter 5 is presented in Chapter 6.  The numerical 

methodology used to investigate the geomechanical response during large-scale CO2 

injection is presented in Chapter 7. This chapter also contains the details of the numerical 

modeling work performed to determine the influence of a damage zone around the 

wellbore on CO2 leakage into the overburden. A summary and conclusions of this 

research work are presented in Chapter 8. 
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Chapter 2: CO2 SEQUESTRATION IN DEEP SALINE AQUIFERS 

 

2.1 Introduction 

 

Saline aquifers are deep geological formations which are spread over large 

geographic areas making them an excellent candidate for CO2 sequestration in terms of 

storage capacity (Bergman and Winter, 1995; Birkholzer et al., 2009). North America is a 

very active region for carbon capture and storage (CCS) development with more than 10 

demonstration and small-scale projects (Hosa et al., 2011). Some of the major  onshore 

and offshore sequestration projects all around the world include the In Salah project, 

Algeria (17 million tons) (Chadwick et al., 2008;Hosa et al., 2011; IEA GHG, 2008; 

Michael et al., 2010; Riddiford et al., 2003; Ringrose et al., 2009), the Sleipner project, 

North Sea (25 Mt) (Chadwick et al., 2004; Chadwick et al., 2008;Hosa et al., 2011; IEA -

GHG, 2008; Michael et al., 2010), Snohvit, Norway (23 Mt) (Eiken et al., 2011), and the 

Gorgon project, Australia (129 Mt) (Hosa et al., 2011; Michael et al., 2010). Table 2.1 

provides a list of projects all around the world with the estimated total CO2 storage 

capacity. A brief description of some of the major CO2 sequestration projects, as listed in 

Table 2.1, is provided in the following sections.  

  



 

9 

 

Table 2-1:World wide CO2 sequestration projects (Modified from Hosa et al.,2010) 

 

Project Name Location 

Total Estimated 

CO
2 

Storage 

Capacity (Mt) 

Purpose 

MRCSP R.E. Burger USA 0 

 

 

 

Small Scale 

Technical 

Development 

Projects 

MRCSP East Bend USA 0.0010  

Frio USA 0.0016  

WESTCARB Cholla USA 0.0018  

WESTCARB Rosetta USA 0.0020  

SECARB Escatawpa USA 0.0028  

Nagaoka Japan 0.0104  

MRCSP Gaylord USA 0.0600  

Ketzin Germany 0.0600 Small Scale 

Technical 

Development 

Projects 

Total Lacq France 0.1500  

PCOR Zama Canada 0.2500  

MGSC Decatur USA 1.00  

 

Large-Scale 

Industrial 

Feasibility 

Projects 

SECARB Cranfield USA 2.10 

K12-B Netherlands 8.00 

In Salah Algeria 17.00 

Weyburn Canada 20.00 

Snohvit Norway 23.00  

Sleipner 
Norwegian North 

Sea 
25.00 

Rangely USA 26.00 

Gorgon Australia 129.00  
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2.2 Review of a major CO2 storage sites  

2.2.1 The Sleipner Project 

 

The Sleipner project  (Central North Sea) run by Statoil  was one of the first, 

large-scale, and long-term CO2 injection programs initiated to investigate the 

effectiveness of CO2 storage over long periods of time in an aquifer (Arts et al., 2008) . In 

the vicinity of the Sleipner field is the Utsira sandstone reservoir which has a very high 

porosity (30-40%), permeability (1-8 Darcy), and a weakly consolidated sandstone (Arts 

et al., 2008; Hosa et al., 2011). CO2 was injected into the saline aquifer (Utsira sand), at a 

depth of 1,012 m below the sea level. An injection rate of 1 Mt/year was achieved since 

1996. Overlying the thick sandstone reservoir (250 m) is the Nordland Formation (250-

330 m) which consists of layers of shale, clayey silt or silty sand. The monitoring of the 

CO2 plume in the Utsira formation has been achieved using 3D seismic data, 

electromagnetic surveys, and time-lapse seafloor gravity surveys (Arts et al., 2008). The 

time lapse 3D seismic data were acquired prior to injection at 1994 and then published 7 

times since 1999 with around 11.4 million tonnes of CO2 in the reservoir at the last time 

of the last survey (Singh et al., 2010). The 3-D seismic surveys and time-lapse gravity 

surveys show that the CO2 has reached the top of the reservoir due to buoyancy within 3 

years from start of injection (Arts et al., 2008). From the above monitoring studies it was 

evident that the caprock acts as an effective seal and prevents CO2 migration into the 

overburden layers (Torp and Gale, 2004). A few numerical and field studies have been 

reported in the literature related to the geochemical and geomechanical response due to 

CO2 injection at the Sleipner field. A brief discussion of such studies is given below.  

 

Gaus et al., (2005) performed numerical modeling studies to investigate the long 

term effects of geochemical reactions on the porosity of the cap rock during CO2 

injection into the Utsira saline formation (Gaus et al., 2005). Reactive transport modeling 

including reaction kinetics was performed using PHREEQC (V2.6). Details of the 

mineralogy, mineral kinetic reaction data, and brine compositions used in the models for 

the Utsira formation and the Nordland formation can be found elsewhere (Gaus et al., 
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2005). Results from this modeling study have shown that diffusion of CO2 in the caprock 

is a slow process. It was reported that after 3,000 years there was an increase in the levels 

of dissolved CO2 in the lower 10 m of the 250 m thick caprock. It was also reported that 

there was a small change in the caprock porosity due to geochemical reactions, but this 

was limited to the lower portion of the caprock. 

 

Audigane et al., (2007) used 2D radially symmetric reactive transport models to 

simulate a 25 years of CO2 injection into the Utsira saline formation followed by a 10,000 

year storage period. Reactive transport modeling was performed using TOUGHREACT. 

The evolution of structural, dissolution, and mineral trapping of injected CO2 was 

considered in the model. Results from the numerical study have shown that the 

geochemical reactivity of the Utsira formation was low and had little significance on the 

porosity of the reservoir and cap rock. 

 

Chadwick et al., (2012) used 4D seismic datasets to measure the changes in 

pressure in the Utsira sand. The small time-lapse travel time changes were consistent with 

the pressure increase of less than 100 kPa at a distance between 500 m and 4,000 m from 

the injection point.  

 

Rutqvist et al., 2007 performed coupled reservoir-geomechanical simulations to 

assess the potential for tensile and shear failure caused by CO2 injection. In this study, the 

numerical model geometry was based on the Sleipner’s Utsira Formation (Chadwick et 

al., 2004). In this study, the potential for mechanical failure associated with the upward 

migration of the CO2, including associated buoyancy effects on the pressure column in 

relation to the depth dependent insitu stress field were analyzed. 

 

No direct (geodetic or microseismic) or indirect measurements (numerical 

models) of the geomechanical deformations by CO2 injection have been reported in the 

literature for the Sleipner site. However, it is believed that with the estimated small pore 

pressure change of 100 kPa, it is unlikely that significant geomechanical deformations 

will have occurred (Verdon et al., 2013).  
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2.2.2 The In Salah Project 

 

The In Salah Gas Project (Algeria) run jointly by BP, Sonatrach and StatOil is one 

of the large-scale CO2 storage projects in a gas reservoir (Hosa et al., 2011). The project 

involves re-injecting the CO2 obtained from the natural gas produced from several field 

into the water leg of the Krechba reservoir. The target reservoir is a 20-m thick, fractured 

sandstone at depths of 1,850 m to 1,950 m with an average porosity of 15% and 

permeability of 5 mD (Hosa et al., 2011; Mathieson et al., 2010; Verdon et al., 2013). 

CO2 injection was initiated in 2004, while gas production was still active (Verdon et al., 

2013). CO2 was injected at 1.2 Mt/year, and to date 3.85 Mt has been stored (Verdon et 

al., 2013). The top seal is a thick caprock layer (950 m) which consists of a sequence of 

mudstones (Verdon et al., 2013). A brief discussion of the geochemical and 

geomechanical responses associated with the CO2 injection at the In Salah site is 

presented below. 

 

McNab and Carroll (2011) performed reactive transport modeling using 

PHREEQC to investigate the influence of geochemical reactions that take place between 

wellbore cement, formation rock, and injected supercritical CO2 on the formation rock 

porosity and permeability. The influence of geochemical interactions on the sealing of 

fractures in the formation or wellbore cement was also investigated. More details of the 

study can be found elsewhere (McNab and Carroll, 2011). Results from the numerical 

models have shown that the porosity of cement changes due to shallow carbonation of 

cement along the interface. However, the change in formation rock porosity was 

insignificant.  

 

Bissell et al., (2011) performed coupled fluid flow and geomechanics modeling to 

match field history data of gas production, CO2 injection, and geomechanical 

displacements. Modeling results have shown an increase of 18,000 kPa to 30,000 kPa in 

the pore pressure at the injection points. The pore pressure at the producing crest of the 

reservoir was reduced to 10,000 kPa. Deflandre et al., (2013) used available field data to 

compute surface displacements by coupling 3D fluid flow and geomechanical modeling. 
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Computed surface displacements matched well with the measurements obtained through 

InSAR imaging measurements. Similar studies were performed by Rutqvist et al., (2010). 

More details on the CO2 sequestration monitoring and verification technologies applied at 

In Salah site can be found elsewhere (Mathieson et al., 2011; Oye et al., 2013).    

 

2.2.3 The Weyburn Project 

 

The Weyburn oilfield is a commercial-scale, CO2-enhanced oil recovery (CO2-

EOR) project located in the Saskatchewan Province, Canada. The Weyburn oilfield 

covers an area of 80,000 km
2
. Most of the hydrocarbon in the area is produced from the 

Middle Beds of Mississipian Madison Group (Hosa et al., 2011). The reservoir consists 

of a densely fracture limestone with porosity ranging from 8-20% and a permeability of 

about 10-300 md. This oilfield has been under production since 1955 and since 

production has decline steadily over the years, alternate solutions to enhance oil recovery 

such as CO2 injection driven production has been initiated in the year 2000. The 

estimated CO2 storage capacity of the reservoir is about 20 Mt. About 3 billion m
3
 of 

supercritical CO2 has been injected into the Weyburn reservoir since 2000 with an 

injection rate of 5,000 ton/day (Cantucci et al., 2009) 

 

Durst et al., (2003) performed geochemical modeling studies to investigate the 

CO2 storage capacity and potential for long-term mineral trapping in the Weyburn 

reservoir. Numerical modeling was performed using PHREEQC code. Modeling results 

have shown that the quick dissolution of carbonates occurs in the initial stages which 

cause an increase in the amount of dissolved carbon and decreases the amount of carbon 

in mineral form (Czernichowksi-Lauriol et al., 2006). With time, CO2 was trapped in the 

mineral form due to formation of dawsonite and siderite, thus reducing carbon 

concentration in the solution. It was predicted that about 50% of the dissolved brine was 

trapped in mineral form after 1,000 years. Modeling results also showed that there was no 

significant change in porosity due to geochemical reactions (Czernichowksi-Lauriol et 

al., 2006).   
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Cantucci et al., (2009) performed geochemical modeling using PHREEQC 

(V2.14) code to investigate the dissolution/ precipitation processes of the Weyburn brine 

over 100 years of CO2 injection. Baseline mineralogy and brine properties used in the 

modeling study can be found elsewhere (Cantucci et al., 2009). Modeling results have 

shown that primary reactions such as CO2 and carbonate dissolution occur in the first 

year of CO2 injection. Results also suggested that CO2 can be safely stored by solubility 

of CO2 into brine and mineral trapping via precipitation of dawsonite. 

 

Verdon et al., (2011) performed geomechanical modeling accounting for the 

initial reservoir depletion during oil production, followed by injection of CO2 and oil 

production during EOR process. From the numerical analyses, Verdon et al., 2011 

reported that the deformations caused during production and injection, cause stress 

changes which are transferred into the overburden. This stress transfer into the 

overburden lead to an increase in shear stress above production wells and is believed to 

be a primary cause for the microseismic events located in the overburden. Based on the 

microseismic activity data available at the site, it is believed that the induced 

deformations during oil production and CO2 injection did not create fluid flow pathways 

into the overburden. Thus, it was concluded that these geomechanical deformations do 

not pose a risk to storage capacity. 

 

2.2.4 The Decatur Project 

 

The Mt.Simon Sandstone is located in the Central Illinois basin which covers a 

major portion of Illinois, and extends into south-western Indiana and western Kentucky 

(Medina et al., 2011). The injection zone at the Decatur site, Illinois is the Cambrian-age 

Mt.Simon sandstone is at a depth of 1690 m to 2,184 m below the ground surface with a 

gross thickness of 464 m (ADM, 2012; Hosa et al., 2011; U.S.EPA, 2012).  The 

sandstone formation primarily consists of quartz, although some intervals contain more 

than 15% feldspar (ADM, 2012; U.S.EPA, 2012). A widespread low-permeability sealing 

unit, Cambrian Eau Claire formation overlies the Mt.Simon sandstone. The Mt.Simon 
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sandstone rests unconformably on the Precambrian granitic basement which occurs at a 

depth of 2184 m. As part of the Midwest Geological Sequestration Consortium (MGSC) 

initiative, ~ 1 million U.S tons of CO2 was injected over a period of 3 years at the 

Decatur site (Liu et al., 2011; Zhou et al., 2010).A brief summary of experimental and 

numerical studies associated with the CO2 storage in Mt.Simon sandstone is discussed 

below. 

 

Numerical simulations were performed by Balashov et al., (2012) to investigate 

the influence of diffusive-reactive partitioning of CO2 across the interface of sandstone 

rock in a saline aquifer (Mt.Simon sandstone) between supercritical CO2 and brine. A 

simple baseline mineralogy based on sandstones derived from continental block 

lithologies were used in the geochemical simulation. It was reported that in the first 30 

years of the process, CO2 was trapped in the aqueous form (CO2 (aq)) with very little 

mineral trapping. It was also reported that the process for mineral equilibration continues 

for several thousands of years and changing the reactions rate constants had little effect 

on the geochemical reactions. Based on this study, it was concluded that the most 

important mineral-brine reactions are those that consume the maximum H
+
 ions, which 

lead to a reduction in pH. A reduction in pH would lead to more dissolution of CO2 into 

brine.  

 

Carroll et al., (2012) performed both experimental and numerical studies to 

measure the geochemical reactivity of the Mt.Simon sandstone and Eau Claire shale 

caprock at CO2 storage conditions present at the Archer Daniel’s Midland (ADM) 

demonstration site, Illinois Basin. An important finding of this study was the 

identification of reactive iron clay minerals under CO2 storage conditions in the 

Mt.Simon sandstone and the Eau Claire shale formation. It was reported that the change 

in iron clay concentration may be a source of long-term mineral trapping of CO2, which 

could have significant influence on the reservoir and seal permeability. 
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Chapter 3: CO2 TRAPPING IN SALINE AQUIFERS  

 

3.1 Introduction 

 

Geological sequestration of CO2 in saline aquifers depends on multiple trapping 

mechanisms. When CO2 is injected, it migrates through the porous media away from the 

injection well and moves upward due to buoyant forces. Tight, impermeable caprock 

layer(s), which overlie the target aquifer, provides the primary trap for injected CO2 into 

a deep saline aquifer. In addition to tight, impermeable caprock layer(s) in the 

overburden, several other trapping mechanisms in saline/brine aquifers that occur over a 

period of time contribute to the storage of CO2. Some of these trapping mechanisms in 

saline aquifers include structural/stratigraphic, residual, hydrodynamic, solubility, ionic, 

and mineral trapping (Bachu et al., 1994; Ennis-King and Patterson, 2002; Gunter et al., 

1993; Holtz, 2002; Flett et al., 2005; Perkins and Gunter, 1995).  

3.2 Structural/stratigraphic trapping 

 

When CO2 is injected into a deep saline aquifer, CO2 gets physically trapped as 

free gas (immiscible CO2) or supercritical fluid into geologic media (Bachu, 2007; 

Nghiem et al., 2004). The free-phase CO2 rises to the top until it reaches a tight, 

impermeable caprock layer, and some part of the injected CO2 dissolves into formation 

water becoming CO2-rich brine (Bachu et al., 1994). The free-phase, immiscible CO2 

which rises upwards due to buoyancy (due to differences in the density of CO2 and 

formation water), and gets physically trapped in structural or stratigraphic traps (Bachu, 

2007; CO2CRC, 2008).Typical traps include anticlinal structures, folds, faults, salt 

domes, and stratigraphic traps such as depositional pinch outs (CO2CRC, 2008).  
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3.3 Residual trapping 

 

The free-phase, immiscible CO2 also gets physically trapped and becomes 

immobile in the porous geologic media by capillary forces, which is known as residual-

gas trapping (Basbug et al., 2005; Bachu, 2007). At the tail of the migrating CO2 plume, 

imbibition processes are reported to be dominant as the formation water (wetting-phase) 

displaces the immiscible CO2 (non-wetting phase) (CO2CRC, 2008). Capillary pressure 

forces become dominant when the concentration of the CO2 falls below a certain level. 

The dominant capillary pressure forces trap the CO2, thus leaving a trace of residual, 

immobile CO2 behind the plume as it migrates upward (Ennis-King & Paterson, 2000; 

Flett et al., 2005; Holtz, 2002; Juanes et al., 2006). 

3.4 Hydrodynamic trapping 

 

Generally, fluid flow velocities are low in saline aquifers (CO2CRC, 2008). For 

this reason, the injected CO2 in the subsurface may take long periods of time before it 

reaches the bottom surface of the overlying caprock (Bachu et al., 2007; CO2CRC, 2008; 

Fang et al., 2010). This geological time-scale trapping process of injected CO2 in the 

subsurface is known as hydrodynamic trapping (Bachu et al., 1994; CO2CRC, 2008; 

Fang et al., 2010). 

 

3.5 Solubility trapping 

 

In addition to the physical trapping of injected CO2, chemical trapping occurs 

when CO2 gets dissolved in the formation water. CO2 dissolution into the formation water 

is referred to as solubility trapping (Bachu et al., 2007).  A weak carbonic acid is 

produced when CO2 dissolves in the formation water (solubility trapping), which rapidly 

dissociates into bicarbonate ions (ionic trapping) (Eke et al., 2011; Xu et al., 2001). The 

reaction steps for CO2 dissolution and subsequent dissociation of weak carbonic acid into 

carbonate species are shown in eq’s (3.1) and (3.2) as given below:  
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CO2 (g) + H2O = H2CO3 (solubility trapping)                           ............. (3.1) 

     H2CO3 = H
+
 + HCO3

-          
(ionic trapping)                                    .............  (3.2)

 

 

Formation temperature, pressure, water salinity, and time-scale of geological 

storage are important factors that contribute to the solubility or dissolution of CO2 

(CO2CRC, 2008; Fang et al., 2010). CO2 solubility increases with an increase in fluid 

pressure and decreases with an increase in formation temperature and water salinity 

(Fang et al., 2010; Jun et al., 2013; Ji and Zhu, 2012). When CO2 dissolves in the 

formation water, the density of CO2-enriched brine increases and the dissolved CO2 sinks 

to the bottom of the reservoir. The time-scale for complete dissolution is predicted to 

occur on a scale of hundreds to thousands of years (Ennis-King & Paterson, 2002). 

 

3.6 Mineral trapping 

 

The dissolution of CO2 in the formation water decreases the pH of the brine (i.e., 

increases acidity), which lead to geochemical reactions between CO2-enriched brine and 

the rock matrix resulting in the formation of stable carbonate materials such as Calcite 

(CaCO3) (CO2CRC, 2008; Eke et al., 2011; Gaus et al., 2008). This process is known as 

mineral trapping. The geochemical reactions associated with dissolution of primary rock 

minerals, and dissolved bicarbonate ions reacting with divalent cations (such as calcium 

(Ca
2+

), magnesium (Mg
2+

), and iron (Fe
2+

)) to precipitate new carbonate minerals are 

shown in eq’s (3.3) through (3.6) as given below (Xu, 2001): 

 

Ca
2+

 + HCO
3- 

= CaHCO3
+                                                                                                                              

.............  (3.3)
 

HCO
-
3 + Ca

2+
 
- 
= CaCO3 (solid) + H

+                                                                                                    
.............  (3.4) 

HCO
-
3 + Mg

2+
 
- 
= MgCO3 (solid) + H

+                                                                                                
.............  (3.5) 

HCO
-
3 + Fe

2+
 
- 
= FeCO3 (solid) + H

+                                                                                                     
.............  (3.6) 
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It is believed that many of these newly precipitated carbonate minerals, such as 

calcite (CaCO3), dolomite [CaMg(CO3)2], and siderite (FeCO3) remain stable for 

significant time periods, enhancing CO2 permanence (Gunter et al., 1993; Bachu et al., 

1994; Perkins & Gunter, 1995; CO2CRC, 2008). It is also reported that silicastic 

reservoirs, especially the calcium, magnesium, or iron-rich reservoirs are more favorable 

for mineral trapping compared to other carbonate reservoirs (CO2CRC, 2008). Mineral 

trapping is formation specific and mainly depends on factors such as mineralogical 

composition of geologic formation, chemical composition of formation brine, formation 

temperature and pressure, and fluid flow rate (CO2CRC, 2008; Gunter et al., 2004). 

Geochemical reactions may occur soon after injection or over time scales of hundreds or 

thousands of years (Hu et al., 2013; Jun et al., 2013). Figure 3-1 shows a simple 

representation of the change of dominant trapping mechanisms and increasing CO2 

storage security with time. 

 

 

 

Figure 3-1:CO2 storage security. 
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3.6.1 Influence of mineral trapping on porosity and permeability 

 

When a fluid is injected into the reservoir, the injected fluid displaces the 

formation water depending on rock properties, and the fluid properties of connate water 

and injected fluid (van der Meer, 2005). When supercritical CO2 is injected into an 

aquifer, it rises to top of the aquifer and moves through the pore structures of the 

formation rock due to low density and viscosity (van der Meer, 2005). Interaction 

between CO2, brine, and formation rock may have an influence on porosity and 

permeability of the formation rock (Luquot and Gouze, 2009). These geochemical 

reactions depend on several factors such as reservoir temperature, pressure, water 

salinity, rock mineralogy and texture, fluid injection rates, and time-scale of geological 

storage (CO2CRC, 2008; Fang et al., 2010; van der Meer, 2005). 

 

The porosity and the permeability near the injection region increases due to rapid 

dissolution of carbonates at high pressures, and decreases further from the well along the 

flow direction due to carbonate precipitation (van der Meer, 2005). Excess dissolution of 

rock and CO2 interaction with overburden caprock materials may alter the caprock 

properties and create high permeable zones (e.g., in carbonates) and could elevate the risk 

of CO2 leakage (van der Meer, 2005). While the excess rock dissolution increases 

porosity, permeability, and injectivity, it could also lead to wellbore instability and 

subsidence if the integrity of formation rock is compromised (Luquot and Gouze, 2009). 

Also, it is reported that the precipitation of dissolved CO2 into new carbonate materials 

(due to geochemical reactions) may significantly reduce the porosity, permeability and 

cause serious injectivity issues (Luquot and Gouze, 2009). 
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Chapter 4:  FLUID FLOW AND GEOCHEMICAL MODELING OF CO2 

SEQUESTRATION IN SALINE AQUIFERS 

 

4.1 Introduction 

 

In this study, numerical models were constructed to investigate the influence of 

geochemical processes on the fluid flow behavior and reservoir rock properties during 

CO2 sequestration in saline aquifers. These numerical models consider: 

 

1. Vertical migration of CO2 due to buoyancy towards the impermeable cap rock 

2. Dissolution of CO2 in formation brine  

3. Mineral dissolution and precipitation due to the interaction between dissolved 

CO2 and formation rock 

4. Changes in rock porosity due to mineralization 

 

In this study, 'CMG-GEM' was used to perform the modeling work. 'CMG-GEM' 

is a commercially available advanced compositional simulator developed by Computer 

Modeling Group (CMG, 2012). 

 

4.2 Modeling of CO2-Brine-Rock Interaction 

 

When CO2 is injected into a saline aquifer, some of it dissolves in the aqueous 

phase. It is assumed that the gaseous and aqueous phase exist in a thermodynamic 

equilibrium (Nghiem et al., 2004). Such equilibrium is attained when the dissolution rate 

of CO2 in the aqueous phase is quick. In this study, the Peng-Robinson equation of state 

was used to calculate the PVT properties of CO2 (Peng and Robinson, 1976). Henry’s 

Law was used to calculate solubility of CO2 in the aqueous phase. Henry’s constants 

depend on pressure, temperature, and salinity (Li and Nghiem, 1986). Henry’s constants 
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are computed internally within the computer code using Harvey (1996) correlations. The 

aqueous phase density is calculated using Rowe and Chou (1970) correlation, which is 

function of pressure, temperature and salinity. Geochemical reactions in a saline aquifer 

occur between components in the aqueous phase, and also between components in the 

aqueous phase and minerals. The intra-aqueous reactions taking place during mineral 

dissolution and precipitation are rapid when compared to geochemical reactions (Nghiem 

et al., 2004). Mineral dissolution and precipitation are rate-dependent reactions and can 

be computed using the rate law as shown below (Bethke, 1996): 

 

mn

eq

mn

eq

n

k

v

k

R
K

Q
kA

R
K

a

kAr

aq

k

,...2,1,1

,...2,1,1

,

,

1




























































                         …………………….. (4.1) 

Where  

Aβ   = reactive surface area of mineral β 

Ai,β  = initial surface area of mineral β 

ak    = activity of component k 

Keq,β = chemical equilibrium constant for mineral reaction. 

kβ = rate constant of reaction of mineral β 

rkβ = mineral reaction rate per unit bulk volume of rock when pore space is filled with 

water. 

rβ  = rate of mineral reaction 

vk,β = stoichiometry coefficients 

 

The rate law used to model the formation and consumption of different aqueous 

components is obtained using the following equation (CMG, 2012): 
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 rvr kk *                                                                       ………………………..(4.2) 

  

Where 

rkβ   = mineral reaction rate per unit bulk volume of rock when pore space is filled with 

water. 

rβ       = rate of mineral reaction 

vk,β   = stoichiometry coefficients 

 

The reaction rates for mineral dissolution and precipitation is a function of 

reactive surface area of a mineral, rate constant, chemical equilibrium constants, and 

activity product of mineral reactions (CMG, 2012; Nghiem et al., 2004). Mineral 

dissolution and precipitation depends on the magnitude of the saturation index. The ratio 

of activity product of mineral reactions and chemical equilibrium constant for mineral 

reactions is called the saturation index of the mineral reaction (CMG, 2012). For mineral 

dissolution to occur, saturation index should be greater than 1 and for mineral 

precipitation to occur the saturation index is less than 1 (CMG, 2012). The rate constant 

at the reservoir temperature is calculated using the Arrhenius equation as shown below 

(Lasga, 1984, Nghiem et al., 2004): 
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Where 

 

kβ, reference = reaction rate constant for mineral reaction β at the reference    

temperature(mol/m
2
s ) 

kβ,Tres    = reaction rate constant at reservoir temperature 

Ti         = reference temperature (usually 298.15 K or 25°C) 

Tres       = reservoir temperature  

Eαβ       = activation energy for reaction mineral β  
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The initial surface area (Ai,β) of each mineral is calculated using the total surface 

area(As,β) and volume fraction of the mineral (VFβ) equation as shown below (CMG, 

2012): 

 

 VFAA si *,,                                                              …………….. (4.4) 

  

The changes in the surface area (At,β) of a mineral due to mineralization can be 

calculated using the following equation (CMG, 2012): 
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Due to mineral dissolution and precipitation, rock porosity changes with time. 

The porosity at the end of each time step due to mineral dissolution/precipitation can be 

expressed as below (CMG, 2012):  

 

   

                                            …………….. (4.6) 

 

                                ...………….. (4.7) 

 

 

                            …………….. (4.8)                          

 

Where 

cr        = rock compressibility  

N
0

β     = total moles of mineral β per bulk volume initially 

Nβ       = total moles of mineral β per bulk volume at current time 
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pref     = reference pressure 

p           = pressure at time “t” 

t     = porosity at time “t” 

i     = initial porosity 

*       = reference porosity without mineral dissolution/precipitation 

min   = reference porosity including mineral dissolution/precipitation 

 

The changes in absolute permeability with respect to porosity due to 

mineralization can be computed using the Kozeny-Carman equation as shown below 

(CMG, 2012): 

 

                          

23

1

1






















t

i

i

t
it kk









                                        …………….. (4.9) 

                                                               

Where ki and i are the initial permeability and porosity, respectively. 

 

4.3 Modeling details 

 

In this study, axisymmetric and single porosity numerical models were 

constructed to study the influence of geochemical changes on fluid flow and reservoir 

properties such as porosity and permeability. Figure 4-1 shows the schematic diagram of 

the hypothetical CO2 storage site and the boundary conditions used in this study. The 

model consists of an overburden layer, a tight caprock layer, a sandstone reservoir layer, 

and an underburden layer. The axisymmetric model consists of 230 grid-blocks in the 

radial direction and 13 layers in the z-direction. A radial length of 150,000 m was used in 

this model. Reservoir thickness was assumed to be 500 m. The porosity and permeability 

of the reservoir in both models were assumed to be 20% and 100 millidarcy (mD), 

respectively. CO2 was injected at a primary rate constraint of 1,000 metric tonnes per day 
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(0.365 million metric tonnes per year) for 25 years with a secondary bottomhole pressure 

constraint of 31,457 kPa. The initial average reservoir pressure of 21,184.80, which is 

based on the brine density calculations, was used. The salinity used in the models as 

varied from 1 ppm (top of the model) to 195,000 ppm (base of the model) with depth as 

shown in Figure 4-1. These values of salinity are in the range reported in the published 

literature (Birkholzer et al., 2009; Bachu and Bennion, 2009; Gunter et al., 2000; 

Heinemann et al., 2012; Micheal et al., 2010; Zhou et al., 2010). The simulations were 

carried out for 1,000 years (25 years of CO2 injection and 975 years of post injection). 

Figure 4-2 shows the assumed relative permeability curves used in this study (Tran et al., 

2009). The intra-aqueous chemical-equilibrium reactions, mineral reactions, and 

percentage mineral volumes considered in this study are shown in Figure 4-3. The total 

surface area of each mineral per unit volume was assumed to be 10,000 m
2
/m

3
 (Nghiem 

et al., 2004; Xu et al., 2001). This section on the modeling of CO2-brine-rock interaction 

is used to validate the geochemical response during CO2 injection and the post injection 

period. A few modeling assumptions were made in this study as given below:  

 

1. The reservoir layer is homogeneous and isotropic. 

2. Injection well components do not react with CO2. Issues related to corrosion and 

other chemical issues affecting well completion and surface facilities are not 

addressed. 

3. Injected CO2 is free from impurities such as H2S, SOx, NOx, and O2, which can 

dissolve into brine and is believed to affect pH and oxidation-reduction potential 

of brine (Jun et al., 2013). 

4. The saline aquifer does not consist of any organic compounds. The presence of 

organic compounds can influence dissolution and precipitation (Yang et al., 

2011). 
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Figure 4-1: Schematic diagram of the hypothetical CO2 storage site considered in 

this study. 

 
Figure 4-2: Assumed relative permeability curves (Modified from Tran et al., 2009).  
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(a) Aqueous chemical equilibrium reactions 

         

(b) Mineral dissolution/precipitation reactions                                            

 

(c) Assumed reservoir mineral volume (%) 

Figure 4-3: Intra-aqueous reactions, mineral reactions, and percentage mineral 

volume. 
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Table 4-1 provides the mineral dissolution and precipitation kinetic data that was 

used for the calculation of reaction rate constants at reservoir temperature (Johnson et al., 

2004; Nghiem et al., 2004; Xu et al., 2001). As shown in Table 4-1, the reaction rate 

constants, kβ is at a reference temperature Ti (typically 298.15 K or 25° C). 

 

Table 4-1:Mineral dissolution/precipitation reaction data (Johnson et al., 2004; 

Nghiem et al., 2004; Xu et al., 2001) 

 

4.4 Geochemical Response 

Modeling results show that when CO2 is injected into the target formation, the 

free-phase CO2 migrates to the top of the reservoir and is physically trapped by the 

overlying tight, low-permeability caprock layer. As some part of the injected CO2 

dissolves in the aqueous phase, density of brine increases and the aqueous CO2 flows to 

the bottom of the reservoir. Results show that the evolution of CO2 saturation is 

consistent with the migration of the CO2 plume. Water saturation decreases initially and 

then increases, thus indicating the lateral migration of the CO2 plume and the progressive 

dissolution of injected CO2 in the formation brine. Figure 4-4 shows the water saturation 

at the end of 5, 10, 15, 20, and 25 years of injection.  The pH value of formation brine 

changes from 7.07 (initially) to 5.0 (at the end of 25 years of injection) due to CO2 

dissolution as shown in Figure 4-5.  

Mineral 
Chemical 

Composition 

Log(rate constant) 

(mol/m
2
/s) @ 25⁰C 

Computed 

Reactive 

surface 

(m
2
/m

3
) 

Activation 

Energy(J/mol) 

Kaolinite Al2Si2O5(OH)4 -13.0 200 62,760 

Calcite CaCO3 -8.79588 300 41,870 

Anorthite CaAl2Si2O8 -12.0 300 67,830 
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 (a) 5 years 

 

(b) 10 years to 25 years 

Figure 4-4: Fluid migration during CO2 injection. 
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Figure 4-5: Computed pH at the end of CO2 injection (25 years).  

     

 

In the regions where high dissolution of CO2 takes place, acidic nature of brine 

increases and causes dissolution of minerals such as Calcite and Anorthite. Precipitation 

of Calcite and Kaolinite occurs in the neighboring zone (where pH > 6) that surrounds the 

mineral dissolution. Anorthite is a non-carbonate, calcium-rich mineral, whose 

dissolution provides Calcium ions to the formation brine. With time, the Calcium ions 

(Ca
2+

) in the formation brine react with the available bicarbonate ions to precipitate 

calcium carbonate (CaCO3) or Calcite. In addition to Calcium ions (Ca
2+

), Aluminum 

ions (Al
3+

) and Silicate ions (SiO2) aid in the precipitation of Kaolinite. Figure 4-6 shows 

the changes in mole concentration of Calcite, Anorthite, and Kaolinite after 1,000 years. 

The sign convention used in the numerical model is that the amount of mineral 

dissolution (kgs) is negative and mineral precipitation (kgs) is positive. 
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(a) Anorthite 

 

 

(b) Calcite 
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(c) Kaolinite 

Figure 4-6: Computed mineral mass after 1,000 years. 

 

Figure 4-7 shows the change in porosity due to geochemical reactions after 1,000 

years (25 years of CO2 injection and 975 years of post-injection). Modeling results show 

that the change is porosity due to geochemical reactions is not significant (~0.040 

(fraction) shown in Figure 4-7), which translates to a 2% change in the original porosity.  
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Figure 4-7: Computed reservoir porosity after 1,000 years. 

 

 

4.5 Influence of mineral reaction rate constants on mineralization 

The reaction rate constants of the rock minerals were modified to investigate their 

influence on mineralization and subsequently on rock porosity. The revised reaction rate 

constants are shown in Table 4-2. Based on the revised reaction rate constants, the 

maximum change in the computed porosity was observed to be 0.07 (fraction) after 1,000 

years as shown in Figure 4-8. This change in porosity translates to a 35% change in the 

original porosity. The change in porosity and permeability in a selected block close to the 

injection well is shown Figure 4-9(a) and 4-9(b), respectively. The change in porosity as 

shown in Figure 4-9(a) is consistent with the cumulative change in mineral moles per 

bulk volume (Refer equation 4.8 for the porosity calculations).  
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Table 4-2: Mineral reaction data 

 

 

 

Figure 4-8: Computed reservoir porosity after 1,000 years.  
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Composition 
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2
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Log(rate 

constant) 

(mol/m
2
/s) @ 

25⁰C 

Computed 

Reactive 

surface 

(m
2
/m

3
) 

Activation 

Energy 

(J/mol) 

Kaolinite 
Al2Si2O5(O

H)4 
-13.0 -10.0 200 62,760 

Calcite CaCO3 -8.79588 -8.79588 300 41,870 

Anorthite CaAl2Si2O8 -12.0 -10.0 300 67,830 
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(a) Change in porosity in a selected block close to the injection well 

 

(b) Change in permeability in a selected block close to the injection well. 

Figure 4-9: Computed changes in porosity and permeability with time due to 

mineralization. 
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Chapter 5: COUPLED MULTIPHASE FLUID FLOW AND GEOMECHANICS 

MODEL WITH GEOCHEMICAL REACTIONS 

 

5.1 Introduction 

 

In this study, coupled multiphase fluid flow and geomechanics models were 

constructed to investigate the behavior of fluid flow and ground response with the 

inclusion of geochemical reactions. In order to incorporate an iterative coupling of 

geomechanics with fluid flow (which includes geochemical processes), a modified 

equation-of-state compositional and GHG simulator is used (Trans et al., 2005; Trans et 

al., 2009). In the iterative coupled approach, geomechanics calculations are one step 

behind the reservoir flow calculations (Trans et al., 2005; Trans et al., 2009). The fluid 

flow module in CMG-GEM computes the amount of CO2 dissolution fluid flow, 

geochemical reactions, changes in pressure, temperature, and compositions, and changes 

in porosity and permeability due to geochemical reactions (Trans et al., 2005; Trans et al., 

2009). The values of pressure and temperature calculated at the end of every time step in 

the fluid flow module are passed on to the geomechanics module which computes stress 

changes and deformation in the formation and the surrounding layers. The solution from 

the geomechanics module is sent again to the fluid simulator through coupling variables 

which includes porosity (Tran et al., 2009). The porosity is a function of pressure, 

temperature, and total mean stress formula (Tran et al., 2004).This coupling variable is 

sent to the reservoir simulator to compute pressure and temperature values at time “t” 

(Tran et al., 2009). This iterative process continues in a given time step until the 

convergence criteria for pressure, stress, and porosity is satisfied (Tran et al., 2009). 

Figure 5-1 shows a flow chart of the process in a given step until a convergence criterion 

is satisfied.  
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Figure 5-1: A general flow diagram for iterative coupling method used in this study 

(Modified from Tran et al., 2009). 

 

The basic equations for reservoir fluid flow consist of mass balance equations, 

Darcy’s law, and phase equilibrium models. Besides Darcy’s law which governs the fluid 

flow in the reservoir, transport phenomenon such as dispersion and diffusion also 

contribute to the movement of components in the aqueous phase (Tran et al., 2009). The 

material-balance equations for multiphase fluid flow in a deformable reservoir can be 

found elsewhere (Chen et al., 2006; Tran et al., 2005; Tran et al., 2009).The basic 

equation for conservation of fluid in a deformable porous medium can be expressed as 

below (Tran et al., 2005): 

. 
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where       
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b    = body force per unit mass of fluid  

k    = permeability tensor  

pf    = pressure at time “t” 

Qf   = fluid flow rate  

εv    = volumetric strain  

   = porosity 

μ      = fluid viscosity  

ρf     = density of fluid  

 

In a conventional flow simulator, bulk volume is assumed to be constant (Tran et 

al., 2005). However, the volumetric strain εv in eq 5.1, accounts for the change in pore 

volume and bulk volume of the porous media in the CMG-GEM geomechanics module 

(Tran et al., 2005). In order to model the changes in volumetric strain with a conventional 

simulator the reservoir porosity ( res ) is defined as a function of true porosity ( ) and 

volumetric strain ( v ) as shown in equation 5.2 (Tran et al., 2005). 

 

)1( Vres         …………….. (5.2) 

 

The constitutive equation for stress-strain relationship can be written as (Desai 

and Siriwardane, 1984; Siriwardane et al., 2013; Vilarrasa et al., 2011):
 

 

2
2 ( )

3
ij ij kk ij ij

G
G K p        

 
                                  ………….. (5.3) 

where  

 σij     = stress tensor 

 G    = shear modulus  

 K    = bulk modulus  

 P     = fluid pressure  

 α     = Biot’s constant (φ ≤ α ≤1) 
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ij    = Kronecker delta 

 ε      = strain tensor  

 

The effective stress in the porous media can be expressed as (Martinez et al., 

2013; Tran et al., 2005; Tran et al., 2009; Vilarrasa et al., 2011):   

 

'

ij ij ijp                                                                            …………….. (5.4) 

 

5.2 Numerical Methodology 

 

A coupled fluid flow and geomechanics model with the inclusion of geochemical 

reactions was constructed to investigate the behavior of the fluid flow and the ground 

response during CO2 injection into a saline aquifer. Geomechanical calculations in CMG-

GEM are based on an iterative coupling method as described in the previous section. The 

geomechanical calculations such as change in stresses and deformations are computed at 

every time step. In this model, material rock properties, fluid properties (salinity), and 

CO2 injection constraints similar to the coupled fluid flow and geochemical model 

presented in section 4.3 were used. A constant elastic modulus of 40 GPa and a Poisson’ 

ratio of 0.25 was used for all the rock layers. These values are within the range found in 

the literature (U.S.EPA, 2012).The bottom boundary of the model was constrained, and 

lateral boundaries were set on rollers. Figure 5-2 shows the assumed initial mineral 

volume percentages (%) in the reservoir. The baseline mineralogy for the sandstone 

aquifer was assumed based on reported values in the literature (Audigane et al., 2007; 

Balashov et al.,2013; Johnson et al., 2004; Liu et al., 2011; Nghiem et al., 2004). 

Generally, Quartz accounts for the maximum mineral volume in sandstone aquifers. 

Table 5-1 provides the input data for mineral dissolution and precipitation that was used 

for the calculation of reaction rate constants at reservoir temperature (Johnson et al., 

2004; Palandri and Kharaka, 2004). The reaction rate constants are calculated internally 

within the simulator. Two models were constructed to determine the influence of 
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geochemical reactions on the geomechanical response of the rock system. These two 

models consist of: 1) Coupled fluid flow, geomechanics models, and geochemical models 

with geochemical reactions, 2) Coupled fluid flow and geomechanical models without 

geochemical reactions. Additionally, computer models were constructed to investigate 

the influence of salinity on CO2 solubility, pressure response, and ground displacements. 

The models consist of: 1) Coupled fluid flow, geomechanics model with salinity and 

without geochemical reactions, 2) Coupled fluid flow and geomechanical model without 

salinity and geochemical reactions. 

 

  

 

 

 

Figure 5-2: Mineral volumes in the reservoir. 
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Table 5-1: Mineral dissolution/precipitation reaction data (Johnson et al., 2004; Palandri and Kharaka, 2004) 

 

Mineral  Chemical Composition  Molar 

weight 

(g/mol)  

Density 

(kg/m
3
)  

Log 

K
m

eq 

(50 ⁰C) 

Log(rate 

constant) 

(mol/m2/s) @ 

25⁰C) 

Reactive surface 

area (m
2
/m

3
)  

E(J/mol)  

Kaolinite Al2Si2O5(OH)4 258 2,594 5.4706 -13.0 17,600 62,760 

Calcite CaCO3 100 2,710 1.3560 -8.79588 88 41,870 

Anorthite CaAl2Si2O8 116 4,047 23.0603 -12.0 88 67,830 

Dolomite CaMg(CO3)2 184 2,864 1.6727 -9.22180 88 41,870 

Illite Mg0.25K0.6Al2.3Si3.5O12H2 384 2,763 7.4855 -14.0 26,400 58,620 

Quartz SiO2 60 2,648 -3.6285 -13.9 7,128 87,500 

K-

feldspar 

KAlSi3O8 278 2,655 -0.3439 -12.0 176 67,830 
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5.3 Geochemical response 

The computed amount of mineral mass dissolved, and deposited over a period of 

1,000 years is shown in Figure 5-3. The dissolution of minerals such as Dolomite, 

Calcite, Anorthite, Illite, and K-feldspar takes place initially at lower pH values. 

Dolomite dissolves initially and then precipitates due to availability of Mg
++

 ions from 

the dissolution of Illite. The Ca
++ 

ions released from the dissolution of Anorthite and 

Dolomite react with the available bicarbonate ions (HCO3
-
) to precipitate Calcite. Quartz 

and Kaolinite precipitate due to the continuous availability of silicate and Al
+++

 ions from 

the dissolution of Illite. Figure 5-4 shows the amount of Quartz in-place as well as the 

amount of Quartz deposited after 1,000 years. Modeling results show that the amount of 

deposited Quartz mineral is insignificant when compared to the amount in-place. A 

similar behavior was shown by other reactive minerals. Table 5-2 shows the cumulative 

changes in mineral mass due to mineralization. Modeling results presented in this section 

show that the geochemical reactions do not have a significant influence on rock porosity 

due to the presence of an inert mineral such as Quartz (about 71% of mineral volume).  

 

 

Figure 5-3: Computed amount of mineral dissolved and deposited after 1,000 years. 
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Figure 5-4: Computed amount of Quartz in-place and deposited due to geochemical 

reactions. 

Table 5-2: Change in mineral mass due to mineralization. 

Mineral 

Mineral 

initially in 

place 

(kgs) 

Cumulative Amount of 

Mineral 

Precipitation/Dissolution 

(kgs) 

Cumulative percentage of 

mineral 

precipitation/dissolution 

(%) 

Anorthite 4.83E+22 -7.38E+08 -1.53E-14 

Calcite 1.13E+20 3.15E+08 2.78E-12 

Dolomite 1.20E+20 6.14E+08 5.13E-12 

Illite 3.47E+20 -5.19E+09 -1.49E-11 

Kaolinite 2.17E+20 5.35E+09 2.46E-11 

K-feldspar 2.14E+20 1.13E+09 5.30E-12 

Quartz 8.94E+21 4.85E+08 5.42E-14 
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5.4 Pressure response 

5.4.1 Coupled fluid flow and geomechanics model with geochemical processes and 

salinity 

 

Figure 5-5 shows the brine density which was computed based on the assumed 

values of aqueous concentrations and salinity values. The brine density is computed in 

CMG-GEM using the Rowe and Chou (1970) correlations. Figure 5-6 shows the 

computed initial fluid pressure which is based on the brine density. The computed fluid 

pressure gradient in the reservoir is 10.86 kPa/m. Due to the high reservoir brine salinity 

assumed in this study (195,000 ppm), the computed fluid pressure gradient is higher than 

the fluid pressure gradient for freshwater (9.79 kPa/m). When CO2 was injected at a 

primary injection rate of 0.365 million metric tonnes per year, and a secondary constraint 

of maximum bottomhole pressure of 31,457 kPa, the maximum change in reservoir 

pressure at the end of 25-year CO2 injection was about 243 kPa. This change in pressure 

translates to an increase of 1.15% above the average initial reservoir pressure. The 

increase in pressure during CO2 injection is very small due to the assumed value of high 

reservoir permeability (100 mD) and the infinite extent of the reservoir. Figure 5-7 shows 

the increase in fluid pressure after 25 years of CO2 injection. Modeling results show that 

the reservoir pressure drops significantly during the first 10 years of the post-injection 

period. 
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Figure 5-5: Brine density (kg/m
3
). 

 

Figure 5-6: Initial fluid pressure distribution (kPa). 
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Figure 5-7:Pressure buildup (kPa) caused due to CO2 injection. 

 

5.4.2 Coupled fluid flow and geomechanics model with salinity and without 

geochemical processes  

 

In this study a coupled fluid flow and geomechanics model without salinity and 

geochemical reactions was constructed to determine the influence of geochemical 

reactions on the pressure response. Modeling results show that the pressure response was 

similar to the coupled fluid flow and geomechanics model with salinity and geochemical 

reactions. Therefore, it can be concluded that geochemical reactions do not have any 

influence on the pressure response due to CO2 injection. 
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5.4.3 Coupled fluid flow and geomechanics model without geochemical reactions 

and salinity 

 

In this study, a coupled fluid flow and geomechanics model without salinity was 

constructed to determine the influence of salinity on the pressure response. Geochemical 

reactions were not included in the model as they do not have any significant influence on 

the pressure response during CO2 injection. In the coupled fluid flow and geomechanical 

model without salinity, the aqueous mass density is calculated as a linear function of 

pressure (CMG, 2012). The computed density for the coupled fluid flow and 

geomechanics model with salinity, and the coupled fluid flow and geomechanics model 

without salinity are significantly different. Figure 5-8 shows the computed brine density 

for the coupled fluid flow and geomechanical model without salinity. Figure 5-9 shows 

computed initial fluid pressure based on the brine density calculations. Figure 5-10 shows 

the increase in fluid pressure after 25 years of CO2 injection. When CO2 was injected at a 

primary injection rate of 0.365 million metric tonnes per year, and a secondary constraint 

of maximum bottomhole pressure of 31,457 kPa, the maximum change in reservoir 

pressure at the end of 25-year CO2 injection was about 216 kPa. This change in pressure 

translates to an increase of 1.02% above the average initial reservoir pressure.  
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Figure 5-8:Aqueous mass density (kg/m
3
). 

 

Figure 5-9: Initial fluid pressure distribution (kPa). 
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Figure 5-10: Pressure buildup (kPa) caused due to CO2 injection. 

 

5.5 Ground response 

5.5.1 Coupled fluid flow and geomechanics model with geochemical reactions and 

salinity 

 

Figure 5-11 shows the computed ground displacements at various time periods 

caused due to CO2 injection. The maximum computed vertical displacement is about 0.16 

cm after 25 years of injection.The magnitudes of ground displacement are small due to 

small changes in fluid pressure during injection.  
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Figure 5-11: Computed vertical ground displacement at various time periods.  

 

5.5.2 Coupled fluid flow and geomechanics model with salinity and without 

geochemical reactions  

 

Figure 5-12 shows a comparison between the  ground displacements at the end of 

25 years of CO2 injection for the coupled fluid flow and geomechanics model with 

salinity and no geochemical reactions and the coupled fluid flow and geomechanics 

model with salinity and geochemical reactions. The modeling results show that 

geochemical reactions do not any influence on the computed displacements. 
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Figure 5-12: Comparison of computed ground displacement after 25 years of CO2 

injection.  

 

5.5.3 Coupled fluid flow and geomechanics model without salinity 

 

Figure 5-13 shows a comparison between the  ground displacements at the end of 

25 years of CO2 injection for the coupled fluid flow and geomechanics model with 

salinity and the coupled fluid flow and geomechanics model without salinity. Modeling 

results show that salinity has an influence on the computed displacements. The maximum 

computed ground displacement in the coupled fluid flow and geomechanics model with 

salinity was about 0.16 cm after 25 years of injection.The maximum computed ground 

displacement in the coupled fluid flow and geomechanics model without salinity was 

about 0.115 cm after 25 years of injection. This difference in the ground displacements 

can be related to the difference in the magnitude of fluid pressure buildup due to CO2 

injection in the coupled fluid flow and geomechanics model with and without salinity. 
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Figure 5-13: Comparison of computed ground displacement after 25 years of CO2 

injection.  

 

CO2 dissolution or solubility in brine decreases with salinity. Under such 

circumatances the displacement of the highly viscous brine during CO2 injection by the 

less viscous CO2 requires more effort thus leading to an increase in fluid pressure. The 

increase in fluid pressure results in an increase of the ground dispalcements. In order to 

investigate the influence of CO2 solubility on the ground displacements, a coupled fluid 

flow and geomechanics models with different values of brine salinity were constructed. 

Table 5-3 shows the computed amount of CO2 dissolved in brine for different values of 

salinity. Modeling results show that the maximum reduction in CO2 dissolution was 

about 44% when compared to the coupled fluid flow and geomechanics model without 

salinity. Figure 5-14 shows the changes in ground displacement for different salinity 

values. From modeling results shown in Figure 5-14, it can be concluded that brine 

salinity and CO2 solubility in brine have an influence on the computed ground 

displacements. 
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Table 5-3: Change in CO2 dissolution with brine salinity. 

 

Salinity (ppm) 

Amount of CO2 

dissolved in Brine 

(tons) after 25 years 

of injection 

% reduction in CO2 

dissolution with 

respect to CO2 

dissolution at zero 

salinity 

Comments 

0 1.94e+06 -- 

Solubility decreases 

with increase in 

salinity 

50,000 1.76e+06 9.27% 

100,000 1.50e+06 22.68% 

150,000 1.26e+06 35.05% 

195,000 1.09e+06 43.81% 

Total Injection Mass = 9.28e+06 tons 

 

 

Figure 5-14: Change in ground displacements for different brine salinity values.  
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Chapter 6: MODEL VALIDATION 

 

In this chapter, the coupled fluid flow, geomechanical and geochemical 

methodology presented in Chapter 4 and Chapter 5 is validated by performing numerical 

modeling using data reported in the literature and comparing the modeling results.  

6.1 Validation of Coupled Fluid Flow and Geochemical Modeling (Example 1) 

 

Nghiem et al., (2004) performed coupled multiphase fluid flow and geochemical 

modeling which involves the solution of the component transport equations, the 

thermodynamic equilibrium between gas and aqueous phase, and the equations of 

geochemistry. Numerical modeling was performed using CMG-GEM. A three 

dimensional model with both aqueous phase reactions and mineral reactions was used to 

illustrate the phenomenon of mineral trapping on CO2 sequestration in an aquifer. In this 

study, the Peng-Robinson equation of state was used to calculate the PVT properties of 

CO2 (Peng and Robinson, 1976). Henry’s Law was used to calculate solubility of CO2 in 

the aqueous phase (Li and Nghiem, 1986). The aqueous phase density was calculated 

using Rowe and Chou (1970) correlation, which is function of pressure, temperature and 

salinity.  

 

In the current study, both three dimensional (3D) and axisymmetric, coupled fluid 

flow and geochemical models were constructed using the modeling details available in 

the literature (Nghiem et al., 2004). Figure 6-1 shows the schematic diagram of the 

hypothetical injection site. A no-flow boundary was assumed along the top and bottom of 

the model to account for the impermeable seal layers for both the models. A no-flow 

boundary condition was also assumed at the left boundary of the axisymmetric model due 

to the radial symmetry of the CO2 injection point. A constant pressure boundary was used 

at the right end of the axisymmetric and the 3D models to simulate an infinite radius 

reservoir condition. A reservoir thickness of 250 m was used in the models. The porosity 

and permeability of the reservoir was 38% and 2000 mD, respectively. CO2 was injected 

for 25 years at a primary rate constraint of 2,568 metric tonnes per day. Table 6-1 shows 
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the initial aqueous concentrations values used in this study. Table 6-2 shows the mineral 

and the reaction kinetic data obtained from the literature (Nghiem et al., 2004). Figure 6-

2 and Figure 6-3 show the computed pH and the aqueous mass density, respectively. The 

numerical modeling results shown in Figure 6-2 and Figure 6-3 show that the 

axisymmetric model and 3D model provide a good match with the results reported by 

Nghiem et al.,(2004). 

 

 

Figure 6-1: Model geometry and boundary conditions. 
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Table 6-1: Initial aqueous phase concentrations 

 

Aqueous species Molality (mg/l) 

H
+
 5.10e-08 

Ca
++

 9.118492e-05 

SiO2 (aq) 2.345433e-08 

Al
+++

 2.317806e-11 

OH
-
 5.456322e-07 

HCO3
-
 2.489299e-02 

CO3
2-

 1.170273e-05 

 

Table 6-2: Mineral reaction data 

 

Mineral Chemical 

Composition 

Log K
m

eq 

(50 ⁰C) 

Log(rate 

constant) 

(mol/m2/s) 

@ 25⁰C) 

Reactive 

surface 

area 

(m
2
/m

3
) 

E(J/mol) Volume 

fraction 

Kaolinite Al2Si2O5(OH)4 5.4706 -13.0 17,600 62,760 0.0176 

Calcite CaCO3 1.3560 -8.79588 88 41,870 0.0088 

Anorthite CaAl2Si2O8 23.0603 -12.0 88 67,830 0.0088 

 

 

 

(a)  25 years (Nghiem et al., 2004) 
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(b) 25 years (Axisymmetric model)

 

(c) 25 years (3D model) 
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(d)  500 years (Nghiem et al., 2004) 

 
(e) 500 years (Axisymmetric model) 
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pH
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(f) 500 years (3D model) 

 

Figure 6-2: Computed pH. 
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(a)  25 years (Nghiem et al., 2004) 

 

(b)  25 years (Axisymmetric model) 
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(c)  25 years (3D model) 

 

 

 

(d)  500 years (Nghiem et al., 2004) 
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(e)  500 years (Axisymmetric model) 

 
(f)  500 years (3D model) 

 

Figure 6-3: Computed water mass density. 
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6.2 Comparison of Coupled Fluid Flow and Geochemical Modeling (Example 2) 

 

Ranganathan et al.,(2011) performed coupled fluid flow and geochemical 

modeling to evaluate the viability of CO2 storage within the Rotliegend sandstone 

formation,located in the Netherlands. The thickness of the sandstone formation was 

reported to be 50 m. CO2 injection was carried out at a rate of 1 millon metric tonne per 

year for a period of 16 years. The total simulation run time was 10,000 years. A three 

dimensional cartesian grid which consists of 50 (i-direction) x 50 (j-direction) x 10 (z-

direction) blocks encompassing an area of 15,000 m x 15,000 m x 50 m was used in the 

study performed by Ranganathan et al., (2011). In the current study, an axisymmetric, 

multiphase, coupled fluid flow and geochemical model as shown in Figure 6-4 was 

constructed to simulate the CO2 injection and the process of mineral dissolution and 

precipitation that takes place due to CO2 dissolution in brine. A no-flow boundary was 

assumed along the top and bottom of this model to account for the impermeable seal 

layers. A no-flow boundary condition was also assumed at the left boundary due to the 

radial symmetry. However, a constant pressure boundary was used at the right end of the 

model to simulate an infinite radius reservoir condition. The formation porosity and 

permeability was reported to be 18% and 200 mD, respectively (Ranganathan et al., 

2011). The mineral reaction data shown in Table 6-3 was reported in the study performed 

by Ranganathan et al., (2011). Table 6-4 shows the aqueous concentration of the brine. 
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      (a) Schematic diagram of the hypothetical injection zone 

Figure 6-4: Model geometry and boundary conditions. 

 

 

Table 6-3: Mineral reaction data (Ranganathan et al., 2011) 

 

Mineral  Chemical Composition  Log 

K
m

eq 

(50 ⁰C) 

Log(rate 

constant) 

(mol/m2/s) 

@ 25⁰C) 

Reactive 

surface 

area 

(m
2
/m

3
)  

Kaolinite Al2Si2O5(OH)4 5.4706 -12.0 17,600 

Quartz SiO2 -3.629 -13.9 7,128 

K-feldspar KAlSi3O8 -0.344 -13.00 176 

Dolomite CaMg(CO3)2 1.6727 -9.22 88 

Illite Mg0.25K0.6Al2.3Si3.5O12H2 7.4855 -14.00 26,400 
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Table 6-4: Aqueous molality concentration in formation brine (Ranganathan et al., 

2011) 

 

Aqueous species Molality (mol/kg of water) 

H
+
 1.64e-08 

Ca
2+

 6.11e-03 

SiO2 8.64E-04 

Al
3+

 5.57e-07 

K
+
 5.09e-01 

Mg
2+

 3.44e-02 

OH
-
 5.66e-05 

HCO3
-
 1.44e-02 

CO3
2-

 1.47e-07 

 

 

A comparison of the computed changes in the mineral mole concentrations for 

different minerals with the reported values by Ranganathan et al., (2011) is shown in 

Figures 6-5(a) through 6-5(e). Modeling results show that the computed amount of 

Dolomite that has been deposited is significantly lower than Kaolinite, K-feldspar, and 

Quartz. Although, Dolomite has a significantly higher rate of reaction compared to 

Quartz, Kaolinite and K-feldspar, the computed amount of Dolomite that has been 

deposited is significantly lower due to insignificant amounts of Ca
2+

 and Mg
2+

 ions 

available in the brine. The coupled fluid flow and geochemical model used in the current 

study underestimates the amount of Quartz deposited and overestimates the amount K-

feldspar mineral deposited as shown in Figure 6-5 (d) and Figure 6-5(e), respectively. It 

has been reported by Ranganathan et al., (2011) that the computed amount of Quartz and 

Kaolinite that is deposited during the storage period is about the same. In order to match 

the modeling results reported by Ranganathan et al., (2011), a parametric analyses was 

performed by changing the mineral reaction rate of K-feldspar. A mineral reaction value 

of -14.00 mol/m
2
/s gave a good match for the change in mineral moles for different 

mineral that were reported by Ranganathan et al., (2011). Figures 6-6(a) through Figure 

6-6(e) show the comparison of the computed changes in the mineral mole concentrations 

for different minerals with the reported values by Ranganathan et al., (2011) 
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 (a) Kaolinite  

 
 

(b) Illite 
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(c) Dolomite 

 

(d) Quartz 
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(e) K-feldspar 

 

Figure 6-5: Change in mineral mole concentrations using the mineral reaction data 

reported by Ranganathan et al., 2011. 
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(a) Kaolinite 

 

 
 

(b) Illite 
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(c) Dolomite 

 

 
(d) Quartz 
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(e) K-feldspar 

Figure 6-6: Comparison of the change in mineral mole concentrations with reduced 

mineral reaction rate for K-feldspar. 
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There seems to be an inconsistency between the rate of reactions reported by 

Ranganathan et al., (2011) and amount of mineral deposition that is taking place. Since 

the mineral rate reaction of Kaolinite is about two orders of magnitude greater than 

Quartz, a lesser amount of Quartz deposition should have occurred. Also, Ranganathan et 

al., (2011) assumed that the reaction rate of Kaolinite (-12.00 mol/m
2
/s) is greater than K-

feldspar (-13.00 mol/m
2
/s) and Quartz (-13.90 mol/m

2
/s). However, the reaction rate 

constants reported by Nghiem et al., (2004) and Xu et al., 2003, suggest that the reaction 

rate of Kaolinite (-13.00 mol/m
2
/s) is lower than K-feldspar (-12.00 mol/m

2
/s). Based on 

the magnitude of the mineral reaction rate constant, the SiO2 ions available from the 

dissolution of Illite, are consumed primarily by Kaolinite, and followed by K-feldspar 

and Quartz, respectively. However, the computed amount of K-feldspar reported by 

Ranganathan et al., (2011) is significantly lower than the amount of Quartz deposited. In 

order to investigate the influence of the mineral reaction rate on mineralization, a study 

was performed using the mineral reaction rate constants reported by Nghiem et al., 

(2004). Table 6-5 shows the mineral reaction data reported by Nghiem et al., (2004). 

Figure 6-7 shows the change in mineral mole concentrations using the mineral reaction 

data reported by Nghiem et al., (2004). Table 6-6 shows a comparison of the computed 

cumulative changes in mineral concentration for different mineral reaction rate values. 

Modeling results show that there is a significant reduction in the precipitation of Quartz 

when the mineral reaction rate data reported by Nghiem et al., (2004) was used. 

 

Table 6-5: Mineral reaction data (Nghiem et al., 2004) 

 

Mineral  Chemical Composition  Log K
m

eq 

(50 ⁰C) 

Log(rate 

constant) 

(mol/m
2
/s) @ 

25⁰C) 

Reactive 

surface area 

(m
2
/m

3
)  

Kaolinite Al2Si2O5(OH)4 5.4706 -12.0 17,600 

Quartz SiO2 -3.629 -13.9 7,128 

K-feldspar KAlSi3O8 -0.344 -13.00 176 

Dolomite CaMg(CO3)2 1.6727 -9.22 88 

Illite Mg0.25K0.6Al2.3Si3.5O12H2 7.4855 -14.00 26,400 
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Figure 6-7: Change in mineral mole concentrations using the mineral reaction data 

reported by Nghiem et al., 2004. 
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Table 6-6: Comparison of mineral mole change due to mineralization. 

 

Mineral 

Cumulative change in mineral 

concentration 

(gmole) 

 

% Difference in 

mineral molar 

change with respect 

to Ranganathan et 

al., 20011 data 
Ranganathan et al., 

(2011) reaction rate 

data 

Nghiem et al., 

(2004)  reaction rate 

data 

Dolomite 1.68E+10 1.62E+10 -3.81 

Illite -9.83E+10 -1.09E+11 10.72 

Kaolinite 9.07E+10 9.50E+10 4.74 

K-feldspar 4.46E+10 6.04E+10 35.32 

Quartz 2.88E+10 9.97E+09 -65.39 

 

6.3 Validation of Single-Phase Coupled Fluid Flow and Geomechanical 

Modeling  

 

In order to validate the iterative coupled approach used in the coupled fluid flow 

and geomechanical modeling using CMG-GEM (refer to section 5-1), a comparison of 

the ground displacements due to fluid injection into a hypothetical injection site was 

performed with the results obtained from ABAQUS (2012). ABAQUS is a commercially 

available finite element software. Figure 6-8 shows the schematic diagram of the 

hypothetical injection site considered in this study. Four geologic layers were considered, 

including the overburden layer, the caprock layer, the target reservoir, and the 

underburden layer. Table 6-7 shows the assumed reservoir and geomechanical properties 

for each layer which were based on the values reported in published literature (Rutqvist 

and Tsang. 2002). An axisymmetric model was constructed using CMG-GEM and 
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Abaqus, and the ground responses are presented in this section. The model extends 

vertically from 0 to 3,000 m and horizontally far enough from the injection zone (30,000 

m). Reservoir temperature of 47.50 °C was assumed using a gradient of 1.82°C/100 m 

(Rutqvist and Tsang, 2002). Initial fluid pressure was computed by assuming a fluid 

pressure gradient of 9.81 kPa/m. 

 

                                (a) Schematic diagram of the hypothetical injection site  

             



 

77 

 

 

 

(b) Boundary conditions 

Figure 6-8:  Model geometry and boundary conditions. 

 

Table 6-7 : Material Properties (Rutqvist and Tsang., 2002) 

 

Material Property Overburden Layer Caprock Reservoir Underburden 

Elastic Modulus (kPa) 5e+06 5e+06 5e+06 5e+06 

Poisson’s ratio 0.25 0.25 0.25 0.25 

Permeability (mD) 1 1e-02 1e+02 1e-06 

Porosity (%) 10 10 10 10 
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6.3.1 Axisymmetric modeling using CMG-GEM 

 

Based on the hypothetical injection site as shown in Figure 6-8, an axisymmetric, 

coupled fluid flow and geomechanical model (300 x 1 x 20 blocks) was constructed. 

Since CMG-GEM is a multi-phase fluid flow simulator, water and CO2 were selected as 

two components in the fluid flow model. A fully water saturated (99.999%) reservoir was 

considered in the model. However, a small fraction of CO2 (0.001) was considered in the 

initialization of the fluid components in the model. Idealized relative permeability curves 

were used in the model as shown in Figure 6-9. In order to simulate an infinite lateral 

extent of the geologic layers; a constant pressure boundary was prescribed using large 

volume multipliers for the grid blocks of the boundary elements. The bottom boundary of 

the model was constrained in the z-direction, and the lateral boundaries were set on 

rollers. Water injection was carried out at a depth of 1,400 m at a differential pressure of 

13,788 kPa for a time period of five years.  

     

 

 

Figure 6-9: Idealized relative permeability curves. 
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6.3.2 Axisymmetric modeling using Abaqus 

 

Based on the hypothetical injection site as shown in Figure 6-8, an axisymmetric, 

coupled fluid flow and geomechanical model with the same grid configuration used in the 

CMG-GEM model (300 x 1 x 20 blocks) was constructed to simulate water injection into 

the hypothetical reservoir. A fully-saturated reservoir was considered in the model. In 

order to simulate an infinite lateral extent of the geologic layers, a constant pressure 

boundary was prescribed for the lateral boundary elements. The bottom boundary of the 

model was constrained in the z-direction, and the lateral boundaries were set on rollers. 

Water injection was carried out at a depth of 1,400 m at a differential pressure of 13,788 

kPa for a time period of five years. Figure 6-10 shows the comparison between the 

computed ground displacements along the radial distance from the CMG-GEM and 

Abaqus models. Modeling results show that the finite element model (Abaqus) yields 

smaller vertical ground displacements (0.058 m) as supposed to CMG-GEM (0.063 

m).The difference in magnitudes of ground displacements is about 9%. This difference in 

vertical displacements can be considered insignificant. 

 

 
  

Figure 6-10: Comparison of computed ground displacements.
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6.4  Validation of Multiphase Coupled Fluid Flow and Geomechanical Modeling  

 

In order to validate the multi-phase coupled fluid flow and geomechanical 

modeling using CMG-GEM, a study was performed to compare the ground 

displacements due to CO2 injection with the values reported by Rutqvist et al., (2010). A 

study was performed by Rutqvist et al., (2010) to investigate the effectiveness of 

multiphase, coupled fluid flow and geomechanical modeling in evaluating the 

geomechanical response due to CO2 injection into a low- permeability formation at the In 

Salah Gas Project site, Algeria. The numerical modeling results were compared with the 

available field data which included the ground deformations obtained from a satellite-

based inferrometry (InSAR). TOUGH-FLAC was used in the study performed by 

Rutqvist et al., (2010). In the current study, an axisymmetric, coupled fluid flow and 

geomechanical model was constructed using CMG-GEM. Geometric details similar to 

that reported in the study performed by Rutqvist et al., (2010) were used in this study. 

Figure 6-11 shows the geometric details and a schematic diagram of the injection site 

considered in this study. Four geologic layers were considered, including the overburden 

layer, the caprock layer, the target reservoir, and the underburden layer. Table 6-8 shows 

the assumed reservoir and geomechanical properties for each layer which were based on 

values reported in published literature (Rutqvist et al., 2010). The vertical extent of the 

model is 3,640 m and the horizontal extent is 5,000 m. Reservoir temperature of 90 °C 

was assumed. The initial reservoir pressure was assumed to be 17,900 kPa. The reservoir 

temperature and initial reservoir pressure values were obtained from the literature 

(Rutqvist et al., 2010).  

 

Based on the hypothetical injection site as shown in Figure 6-11, an 

axisymmetric, multiphase, coupled fluid flow and geomechanical model (40 x 1 x 13 

blocks) was constructed to simulate CO2 injection into the hypothetical reservoir. A fully- 

saturated reservoir was considered in the model. However, a small fraction of CO2 

(0.001) was considered in the initialization of the fluid components in the model. The 

bottom boundary of the model was constrained in the z-direction, and the lateral 

boundaries were set on rollers. CO2 injection was carried out at a depth of 1,810 m at a 
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primary rate constraint of 780 metric tonnes per day and a secondary bottom-hole 

pressure constraint 27,900 kPa for a time period of three years. The CO2 injection 

parameters were consistent with the average injection rates at the In Salah Project site 

(Rutqvist et al., 2010).  

 

 

(a) Schematic diagram of the hypothetical injection site 
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(b) Boundary conditions 

Figure 6-11 :  Model geometry and boundary conditions. 

 

 

Table 6-8: Material Properties (Rutqvist et al., 2010) 

 

Material 

Property 

Overburden 

Layer 
Caprock Reservoir Underburden 

Elastic 

Modulus (kPa) 
1.50e+06  20.0e+06 6.00e+06 20.00e+06 

Poisson’s ratio 0.25 0.25 0.25 0.25 

Permeability 

(mD) 
1e-02 1e-04  13 1e-04 

Porosity (%) 10 1 17 1 
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Figure 6-12 shows the computed ground displacements at different time periods 

due to CO2 injection. Figure 6-12 also shows the comparison of the computed 

displacements from this study with the InSAR data (Rutqvist et al., 2010) and the 

computed results obtained by Rutqvist et al., (2010). Modeling results show that the 

computed displacements provide a good match with the data available in the literature 

(Rutqvist et al., 2010).  

 

 

 

Figure 6-12: Comparison of ground displacements with data available from the 

literature. 
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6.1 Comparison of Multiphase Coupled Fluid Flow and Geomechanical 

Modeling with Geochemical Reactions  

 

In order to validate the multiphase, coupled fluid flow and geomechanical 

modeling with geochemical reactions, a study was performed to compare the 

geochemical and geomechanical response of the reservoir and overburden with available 

data in the literature (Zhang, 2013).Zhang (2013) performed a fully coupled thermal 

hydrological mechanical and chemical (THMC) modeling to investigate the CO2 

transport phenomenon, the geochemical response, and the geomechanical response 

during CO2 injection into a hypothetical saline reservoir. TOUGHREACT simulator was 

used in the study performed by Zhang (2013). Figure 6-13 shows the geometric details 

and a schematic diagram of the hypothetical injection site considered in this study. Four 

geologic layers were considered, including the overburden layer, the caprock layer, the 

target reservoir, and the underburden layer. Table 6-9 shows the assumed reservoir and 

geomechanical properties for each layer which were based on values reported in 

published literature (Zhang, 2013; Rutqvist and Tsang, 2002). The vertical extent of the 

model is 3,000 m and the horizontal extent is 70,000 m. A temperature gradient of 25 ° 

C/ 1000 m was assumed in the study. No-flow boundaries were assumed in the model as 

shown in Figure 6-13. The right and left boundaries in the model were not fixed, and 

were allowed to move in the z-direction (Zhang, 2013).  It was assumed that the mineral 

composition was the same in all the rock domains. The mineralogical composition of the 

rock was representative of a typical combination of a shale and sandstone formation. 

More of the study and modeling results can be found elsewhere (Zhang, 2013). 
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Figure 6-13: Schematic diagram of a hypothetical injection site.

 

 

Table 6-9: Material Properties (Zhang, 2013) 

 

Material Property Overburden 

Layer 

Caprock Reservoir Underburden 

Elastic Modulus 

(kPa) 

5+06  5e+06 5e+06 5e+06 

Poisson’s ratio 0.25 0.25 0.25 0.25 

Permeability (mD) 1e-02 1e-04  100 1e-04 

Porosity (%) 10 1 10 1 

 

 

Based on the hypothetical injection site described above, a two dimensional, 

multiphase, coupled fluid flow and geomechanical model (91 x 1 x 15 blocks) was 

constructed to simulate CO2 injection into the hypothetical reservoir. A reservoir 

permeability of 100 mD and constant porosity of 10% was assumed for all rock layers. 
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Geomechanical rock properties such as Elastic Modulus and Poisson’s ratio as shown in 

Table 6-9 were used in this study.  A fully water saturated reservoir was considered in the 

model. However, a small fraction of CO2 (0.001) was considered in the initialization of 

the fluid components in the model. CO2 injection was carried out at a depth of 1,475 m at 

a rate of 4.32 metric tonnes per day for a time period of 30 years (Zhang, 2013).This 

injection rate was consistent with the values reported in the literature (Zhang, 2013; 

Rutqvist and Tsang, 2002). Table 6-10 shows the list of minerals that were used in this 

study. Oligoclase is a form of plagioclase feldspar and has crystallographic and physical 

characteristics between that of albite and anorthite. Due to the unavailability of 

Oligoclase within the database of CMG, albite and anorthite were used in this study. 

Similarly Chamosite was used instead of Chlorite. There seems to be some inconsistency 

between the porosity specified for different rock layers and the mineral volume fractions 

reported by Zhang (2013). The sum of all mineral volume (%) should be equal to (100- 

porosity %) (Xu et al.,2003). However, the sum of mineral volume (%) reported by 

Zhang (2013) was 100%. Thus, a constant porosity of 10% was used in the current study 

for simplicity. Table 6-11 shows the initial concentrations of primary chemical species 

that were used in the study. The initial concentration of H
+ 

ions (4.32e-01 mol/l) reported 

by Zhang (2013) results in a pH of 1.36. Such a low pH corresponds to a highly acidic 

environment which is not typical for a saline reservoir. Thus, the initial concentration of 

H
+
 ions was assumed to be 4.32e-09 mol/l in this study. Table 6-12 shows the mineral 

reaction data that was used in this study. A total surface area of each mineral was 

assumed to be 6,500 m
2
/m

3
 (Xu et al., 2003). 
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Table 6-10: Rock mineral composition  

 

Zhang (2013) Current Study Comments 

Mineral Volume Fraction Mineral 
Volume 

(%) 
 

Primary Minerals 

Quartz 59.181 Quartz 58.078  

Calcite 5.929 Calcite 5.929  

 

Oligoclase 

 

 

10.662 

 

Albite 5.331 Albite and 

Anorthite were 

substituted for 

Oligoclase 
Anorthite 5.331 

Smectite-Na 8.897 Smectite-Na -- 
Not available in 

CMG database 

Chlorite 15.331 Chamsonite 15.331 

Chamosite was 

substituted for 

Chlorite 

Total 100% Total 90%*  

Secondary Minerals 

Kaolinite 0.0 -- -- 

 

 

 

Secondary 

minerals were not 

considered in this 

study. 

Illite 0.0 -- -- 

Hematite 0.0 -- -- 

Anorthite 0.0 -- -- 

Pyrite 0.0 -- -- 

K-feldspar 0.0 -- -- 

Gypsm 0.0 -- -- 

Magnesite 0.0 -- -- 

Dolomite 0.0 -- -- 

Low-albite 0.0 -- -- 

Siderite 0.0 -- -- 

Ankerite 0.0 -- -- 

Dawsonite 0.0 -- -- 

Smectite-Ca 0.0 -- -- 

Goethite 0.0 -- -- 

Porosity -- Porosity 10  

Total 100% Total 100%  

 

*The sum of all mineral volume (%) should be equal to (100- porosity %) (Xu et al., 2003). However, the 

sum of mineral volume (%) reported by Zhang (2013) was 100%. Therefore the mineral volumes (%) in the 

current study were adjusted to account for porosity (%) 
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Table 6-11: Initial aqueous phase concentrations 

 

Zhang (2013) Current study 

Aqueous species Molality (mg/l) Molality (mg/l) 

H
+
 4.32e-01 4.32e-09 

Na
++

 9.89e-01 9.89e-01 

SiO2(Aq) 1.03e-02 1.03e-02 

K
+
 5.96e-03 5.96e-03 

Ca
++

 4.73e-03 4.73e-03 

Mg
++

 2.67e-05 2.67e-05 

HCO3
-
 4.56e-02 4.56e-02 

CO3
2-

 -- 1.17e-05* 

Al
+++

 -- 2.32e-11* 

Cl
--
 1.015 1.015 

Fe
++

 3.02e-06 3.02e-06 

* The aqueous concentration of CO3
2-

 and Al
+++ 

based on the values reported by Nghiem et al., 2004 

 

Table 6-12: Mineral dissolution/precipitation reaction data (Zhang,2013; Xu et al., 

2003; Johnson et al., 2004; Palandri and Kharaka, 2004) 

 

Mineral 
Chemical 

Composition 

Log(rate 

constant) 

(mol/m2/s) @ 

25⁰C) 

Reactive 

surface area 

(m
2
/m

3
) 

E(J/mol) 

Albite Al2Si2O5(OH)4 -13.00 346.51 67,830 

Calcite CaCO3 -8.80 385.385 41,870 

Anorthite CaAl2Si2O8 -13.00 346.51 67,830 

Chamosite CaMg(CO3)2 -12.90 996.515 88,000 

Quartz SiO2 -13.90 3775.07 87,500 
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6.1.1 Geochemical response 

 

The dissolution of gaseous CO2 in brine is caused by the geochemical interaction 

between brine and CO2. The dissolution of CO2 generates the aqueous chemical species 

of H
+
, H2CO3, HCO3

-
, and CO2

3-
. The increase in the concentration of H

+
 reduces the pH 

of the brine, giving rise to acidic conditions in the saline reservoir. Figure 6-14 shows the 

spatial distribution of pH during the 10,000 years of the CO2 storage period. Figure 6-14 

also shows the comparison between the computed changes in pH during different time 

periods from the current study and the reported changes in pH by Zhang (2013). Due to 

the high permeability assumed for the caprock, the CO2–rich brine moves upwards. This 

causes a reduction in pH in the overburden layers. The pH value reduces to 5.50 after 30 

years of CO2 injection. The acidized area by CO2 dissolution continues to spread during 

CO2 injection period and the post-injection period as shown in Figure 6-14. The pH value 

reduces to 4.40 after 5,000 years of post-injection period. Modeling results show that the 

change in pH after 5,000 years was insignificant.  

 

Mineral dissolution and precipitation takes place due to the interaction between 

the acidic brine and the rock.  Mineral dissolution releases primary aqueous species such 

as Fe
++

 and SiO2 (aq) ions into the brine. This is evident from the increase in molality 

(mg/l) of Fe
++

 and SiO2 (aq) ions in the aqueous phase as shown in Figure 6-15 and 

Figure 6-16. A comparison between the computed changes in aqueous concentration 

during different time periods from the current study and the reported changes in aqueous 

concentrations by Zhang (2013) are shown in Figure 6-15 and Figure 6-16. Modeling 

results show that the dissolution of Anorthite and Quartz releases silicate ions (SiO2aq) 

into the brine, which is used in the precipitation of minerals which include Albite and 

Chamosite. The dissolution of Anorthite also releases Ca
++

 and Al
+++

 ions which aide in 

the precipitation of Albite, Calcite, and Chamosite. Due to the availability of significant 

amount of Na
++

 in the brine, Albite precipitates in large quantities when compared to 

Calcite and Chamosite. The amount of mineral dissolved and precipitated during the CO2 

storage period (10,000 years) is shown in Figure 6-17.   
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                       ` 

  

             (a) 30 years of CO2 injection (Current study)                               (b) 30 years of CO2 injection (Zhang, 2013) 

 

                             

 

         (c) 500 years of post-injection period (Current study)          (d) 500 years of post-injection period (Zhang, 2013) 
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(e) 1,000 years of post-injection period (Current study)                                  (f) 1,000 years of post-injection period (Zhang, 2013) 

  

                                             

 

     (g) 5,000 years of post-injection period (Current study)                               (h) 5,000 years of post-injection period (Zhang, 2013) 

 

Figure 6-14: Computed pH during 5,000 years. 
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         (a) 100 years of post-injection period (Current study)                       (b) 100 years of post-injection period (Zhang, 2013) 

                                 

        (c) 1,000 years of post-injection period (Current study)                          (d) 1,000 years of post-injection period (Zhang, 2013) 
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                    (e) 10,000 years (Current study)                                                        (f) 10,000 years (Zhang,2013) 

 

Figure 6-15: Computed change in Fe
++

 concentration in the aqueous phase. 
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    (a) 100 years of post-injection period (Current study)                           (b) 100 years of post-injection period (Zhang, 2013) 

                 

        (c) 1,000 years of post-injection period (Current study)                          (d) 1,000 years of post-injection period (Zhang, 2013) 

Molality

(mol/l)
CO2 Injection well

70,000 m

3
,0

0
0

 m

Overburden

Caprock

Reservoir

Underburden

Z

X

CO2 Injection well

70,000 m

3
,0

0
0
 m

Overburden

Caprock

Reservoir

Underburden

Z

X

Molality

(mol/l)



 

95 

 

                        

                (e) 10,000 years (Current study)                                                                  (f) 10,000 years (Zhang, 2013) 

     

Figure 6-16: Computed change in SiO2 (aq) concentration in the aqueous phase. 
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Figure 6-17: Computed changes in mineral mass due to mineralizaiton. 

 

6.1.2 Geomechanical response 

 

When CO2 was injected at a rate of 4.32 metric tonnes per day, the maximum 

change in reservoir pressure at the end of 30-year CO2 injection was about 10,375 kPa. 

This change in pressure translates to an increase of 76.32% above the average initial 

reservoir pressure. Figure 6-18 shows the increase in fluid pressure during 30 years of 

CO2 injection. Figure 6-18 also shows the comparison between the computed pressure 

distribution from the current study and the computed pressure distribution reported by 

Zhang (2013). The computed pressures from the current study seem to be in the range of 

the computed pressure values reported by Zhang (2013). CO2 injection causes poro-

elastic expansion of the rock. The increase in pressure changes the volumetric strain with 

time. Figure 6-19 shows the changes in volumetric strain due to CO2 injection. Modeling 

results show that the maximum volumetric strain at the end of 30-year CO2 injection was 

about 0.0019 as shown in Figure 6-19 (g). The maximum volumetric strain reported by 
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Zhang (2013) at the end of 30-year CO2 injection was about 0.0021 as shown in Figure 6-

19 (h). The difference in the computed volumetric strain can be considered insignificant. 

 

(a) 5 years of CO2 injection (Current study)

 

(b) 5 years of CO2 injection (Zhang, 2013) 

 

CO2 Injection well

70,000 m

3
,0

0
0
 m

Overburden

Caprock

Reservoir

Underburden

Z

X

Pressure

(kPa)



 

98 

 

 

 

(c) 10 years of CO2 injection (Current study) 

 

 
 

(d) 10 years of CO2 injection (Zhang, 2013) 
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(e) 20 years of CO2 injection (Current study) 

 

 

(f) 20 years of CO2 injection (Zhang, 2013) 
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(g) 30 years of CO2 injection 

 

 

(h) 30 years of CO2 injection 

 

Figure 6-18: Pressure distribution during CO2 injection. 
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(a) 5years of CO2 injection (Current study) 

 

 

 
 

(b) 5years of CO2 injection (Zhang, 2013) 
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(c) 10 years of CO2 injection (Current study) 

 
 

(d) 10 years of CO2 injection (Zhang,2013) 
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(e) 20 years of CO2 injection (Current study) 

 
 

(f) 20 years of CO2 injection (Zhang,2013) 
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(g) 30 years of CO2 injection (Current study) 

 

(h) 30 years of CO2 injection (Zhang, 2013) 

 

Figure 6-19: Volumetric strain distribution during CO2 injection. 

 

CO2 Injection well

70,000 m

3
,0

0
0
 m

Overburden

Caprock

Reservoir

Underburden

Z

X

Volumetric 

strain



 

105 

 

Figure 6-20 shows the computed ground displacements at various time periods 

during CO2 injection.The maximum computed vertical displacement  is about 1.44 m 

after 30 years of injection. Figure 6-21 shows a comparison between the computed 

ground displacements at various time periods from this study with the computed ground 

displacements that were reported by Zhang (2013). The maximum computed ground 

displacement reported by Zhang (2013) after 30 years of CO2 injection was about 1.30 

m.The difference in the magnitude of the computed ground displacements and the 

reported values after 30 years of CO2 injection is about 11%. When the reservoir 

permeability was increased to 140 mD, the computed ground displacements matched well 

with the values reported by Zhang (2013) as shown in Figure 6-22.  

 

 

Figure 6-20: Ground displacements during 30 years of CO2 injection. 
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(a) 1 year of CO2 injection 

 
 

(b) 5 years of CO2 injection 
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(c) 10 years of CO2 injection 

 

 
(d) 20 years of CO2 injection 
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(e) 30 years of CO2 injection 

 
 

e) 1 year to 30 years of CO2 injection 

Figure 6-21: Comparison of computed ground displacements with the values 

reported by Zhang(2013). 
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Figure 6-22: Comparison of computed ground displacements after 30 years of CO2 

injection with modified reservoir permeability. 

 

Since the boundaries of the model are not fixed, the computed ground 

displacements will continue to increase at the far end of the model during CO2 injection 

as shown in Figure 6-22. In order to obtain more accurate results, the boundaries of the 

model must be constrained. Thus, a model was constructed using the same geometrical 

details and material properties as described previously, with the boundaries fixed. Figure 

6-23 shows the computed ground displacements during CO2 injection. The maximum 

computed ground displacements after 30 years of CO2 injection was 1.68 m. This 

translates to a 17% increase in computed ground displacements as compared to the model 

without fixed boundaries (1.44 m).  
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Figure 6-23: Ground displacements during 30 years of CO2 injection with fixed 

model boundaries. 
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Chapter 7: MODELING OF LARGE-SCALE CO2 INJECTION IN SALINE 

AQUIFERS 

 

7.1 Introduction 

 

In this study, large-scale CO2 injection in the range of 5 to 10 million metric 

tonnes per year was carried out to examine the extent of CO2 migration, pressure 

response, and vertical ground displacements over a long-term period (1,000 years). For 

the purpose of this study, multiphase fluid flow models coupled with geomechanics with 

the inclusion of salinity were constructed similar to the models used in Chapter 5.Since 

geochemical reactions do not have any significant influence on the computed ground 

displacements, the geochemical reactions have been suppressed in this study. The 

axisymmetric models consisted of 230 grid-blocks in the radial-direction and 13 layers in 

the z-direction. A radial length of 150,000 m was considered in these models. Such a 

large lateral extent was chosen to ensure that the boundary conditions have minimal 

effect on the geomechanical modeling results. A reservoir thickness of 500 m was used. 

The porosity and permeability of the reservoir in these models were assumed to be 20% 

and 100 millidarcies (mD), respectively. The base of these models was constrained in the 

vertical direction and lateral boundaries were set on rollers.  

 

The CO2 injection was simulated for 50 years with the primary injection rate 

constraint being 5 million metric tonnes per year and 10 million metric tonnes per year. 

As a secondary constraint, the maximum bottomhole pressure of 31,457 kPa was 

assumed.  The initial average reservoir pressure was assumed to be 21,184 kPa. The 

geomechanical properties were similar to those used Chapter 5 .A brief discussion of 

results for the long-term, large-scale CO2 injection is given in the following sections. 
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7.1.1 Case 1: CO2 injection rate of 5 million metric tonnes per year  

 

In this modeling scenario, CO2 was injected with a primary injection rate 

constraint of 5 million metric tonnes per year and a secondary maximum bottomhole 

pressure of 31,457 kPa. The change in reservoir pressure at the end of 50-year CO2 

injection is shown in Figures 7-1. The maximum change in reservoir pressure was about 

2,309 kPa, which corresponds to an increase of 11% above initial reservoir pressure. The 

change in reservoir pressure during the post-injection period of 50 years is shown in 

Figures 7-1. Post-injection results show that the reservoir pressure drops by 1916.5 kPa 

(approximately 83% drop) at the end of 20 years. The drop in reservoir pressure after 50 

years of post-injection is about 2,077 kPa (approximately 90 % drop). These modeling 

results indicate that the increase in the reservoir pressure due to CO2 injection decays 

with time during post-injection period (in this case, nearly 50 years of post-injection 

period). CO2 injection causes poro-elastic expansion of the rock. The increase in pressure 

changes the volumetric strain with time. Figure 7-2 shows the changes in volumetric 

strain due to CO2 injection. The maximum value of volumetric strain after 50 years of 

CO2 injection is about 4.41e-05. 
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Figure 7-1: Change in reservoir pressure due to CO2 injection. 

 

Figure 7-2: Change in volumetric strain in the reservoir during CO2 injection. 
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Figures 7-3 show the vertical ground displacements at various time periods during 

CO2 injection and the post-injection period. The maximum computed vertical ground 

displacement (uplift) was about 2.28 cm after 50 years of CO2 injection. The change in 

ground displacements during the post-injection period of 200 years is shown in Figures 7-

3. Modeling results show that the ground displacements drop by 1.83 cm (approximately 

80% drop) at the end of 20 years. The drop in ground displacements after 50 years of 

post-injection is about 2.04 cm (approximately 90 % drop). The modeling results indicate 

that the ground displacements after 200 years of post-injection period are insignificant. 

Figure 7-4 shows a comparison between ground displacements at the end of 50 years of 

CO2 injection for a couple fluid flow and geomechanics model without salinity and a 

coupled fluid flow and geomechanics model with salinity. The maximum computed 

ground displacement in the couple fluid flow and geomechanics model without salinity 

was about 1.64 cm  after 50 years of injection. The difference in the magnitude of ground 

displacement is about 0.64 cm, which translates to a 39% increase in ground 

displacements when salinity was included in the coupled fluid flow and geomechanics 

model. This difference in the ground displacements can be related to the significant 

difference in the the magnitude of fluid pressure buildup due to CO2 injection in the 

couple fluid flow and geomechanics model without salinity and the coupled fluid flow 

and geomechanics model with salinity as shown in Figure 7-5.  
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Figure 7-3: Computed vertical ground displacement at various time.  

 

 

Figure 7-4: Comparison of computed ground displacement after 50 years of CO2 

injection.  
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Figure 7-5: Comparision between the increase in pressure after 50 years of CO2 

injection.  

 

7.1.2 Case 2: CO2 injection rate of 10 million metric tonnes per year  

 

In this modeling scenario, CO2 was injected with a primary injection rate 

constraint of 10 million metric tonnes per year and a secondary maximum bottomhole 

pressure of 31,457 kPa. The change in reservoir pressure due to 50 years of CO2 injection 

is shown in Figures 7-6. The maximum change in reservoir pressure was about 4,067 

kPa, which corresponds to an increase of 19.20% above initial reservoir pressure. The 

post-injection results show that the reservoir pressure drops by 3,267 kPa (approximately 

80% pressure drop) at the end of 20 years. The drop in reservoir pressure after 50 years of 

post-injection is about 3,641 kPa (approximately 90% pressure drop). CO2 injection 

causes poro-elastic expansion of the rock. The increase in pressure changes the 

volumetric strain with time. Figure 7-7 shows the changes in volumetric strain due to 

CO2 injection. The maximum value of volumetric strain after 50 years of CO2 injection is 

about 8.49e-05. 
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Figure 7-6: Change in reservoir pressure with time due to CO2 injection. 

  



 

118 

 

 

Figure 7-7: Change in volumetric strain in the reservoir during CO2 injection. 

 

 

Figures 7-8 show the vertical ground displacements at various times during CO2 

injection and the post-injection period. The maximum computed vertical ground 

displacement (uplift)  was about 4.04 cm  after 50 years of CO2 injection. Post-injection 

results show that the ground displacements drop by 3.39 cm (approximately 84% drop) at 

the end of 20 years. The drop in ground displacements after 50 years of post-injection is 

about 3.81 cm (approximately 94.3% drop). The modeling results indicate that the ground 

displacements after 200 years of post-injection period are insignificant. Figure 7-9 shows 

a comparison between ground displacements at the end of 50 years of CO2 injection for a 

couple fluid flow and geomechanics model without salinity and a coupled fluid flow and 

geomechanics model with salinity. The maximum computed ground displacement in the 
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couple fluid flow and geomechanics model without salinity was about 3.10 cm after 50 

years of injection. The difference in the magnitude of ground displacement is about 0.94 

cm, which translate to a 30% increase in ground displacements when salinity was 

included in the coupled fluid flow and geomechanics model. This difference in the 

ground displacements can be related to the signifcant difference in the the magnitude of 

fluid pressure buildup due to CO2 injection in the couple fluid flow and geomechanics 

model without salinity and the coupled fluid flow and geomechanics model with salinity 

as shown in Figure 7-10.  

 

 

 

 

Figure 7-8: Computed vertical ground displacement at various time periods. 

  



 

120 

 

 

Figure 7-9: Comparision of computed ground displacement after 50 years of CO2 

injection.  

 

 

Figure 7-10: Comparision of the increase in pressure after 50 years of CO2 injection.  
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7.2 CO2 leakage due to wellbore damage 

 

Geological storage of CO2 involves pumping of large quantities (upto 10 million 

tonnes/year) of CO2 into deep, permeable rock formations. The density of the injected 

CO2 is significantly higher (~800 kg/ m
3
) than gaseous CO2 at a reservoir depth of 1,940 

m. Although CO2 has higher density in supercritical state, it is less dense and viscous 

than the formation brine (Gasda et al., 2008). As reported in the previous sections, 

injected CO2 will rise to the top, bypassing large portion of formation brine due to gravity 

overrides and viscous instability. The relatively low-permeability caprock will act as a 

barrier to stop further vertical migration of CO2.However, if favorable pathways exist 

through the caprock, the injected CO2 may escape into the overburden geological layers. 

In spite of favorable geology, wellbore integrity can also be a significant risk factor with 

respect to the long-term storage of CO2 (Choi et al., 2013). There are several ways in 

which a damage zones maybe created around the well bore which alters the wellbore 

integrity. They are as follows:   

 

1. The mechanical action of drilling may create a fractured zone adjacent to the 

borehole. Leakage pathways may be created in the form of fractures in the 

wellbore cement and along wellbore-cement-rock interfaces influencing CO2 

injectivity, storage capacity, and seal integrity (Carroll et al., 2013; Jun et 

al.,2013; Mason et al., 2013; Walsh et al., 2012). 

2. Improper mixing or placement of cement in between the casing and formation 

rock may create small micro-annuli through which fluids can flow (Gasda et al., 

2008). 

3. During the lifetime of a well, the casing is subjected to large pressure variations 

which may cause the cement to fracture (Gasda et al., 2008). 

4. Interaction of cement with aggressive fluids such as carbonic acid (H2CO3) and 

sulphuric acid (H2SO4) (Gasda et al., 2008). 

5. Interaction between the steel casing and H2CO3 in the absence of a cement sheath 

may lead to corrosion (Loizzo et al., 2010). 
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Since leakage through the wellbore is considered a major source of concern for 

the large-scale deployment of CO2 storage, several studies have been performed to 

address the issues related to wellbore integrity and CO2 leakage risk (Azaroual et al., 

2012; Benge, 2009; Choi et al., 2013; Gasda et al., 2008; Gasda et al., 2013;Houdu et 

al.,2008; Loizzo et al.,2010; Pawar et al.,2009; Watson and Bachu,2008). Reliable data 

about safe storage of CO2 is almost non-existent and analysis of existing data that has 

been reported in the literature have shown that majority of CO2 leaks are small with 

limited or negligible consequences (Loizzo et al., 2010). Although CO2 leakage to the 

overburden layers or the atmosphere causes no significant damage, it will still defeat the 

purpose of storing it beneath the ground. Given the frequent occurrences of CO2 

leakages, reliable estimates of both the quantity of CO2 leaking out of the reservoir and 

the consequences of CO2 leakage are required to be addressed. These estimates can be 

used to deploy practices and preventive measures for the long-term storage of CO2 in 

deep geological formations (Loizzo et al., 2010). 

 

7.2.1 Modeling details of CO2 leakage 

 

The objective of this study was to investigate the influence of a hypothetical 

vertical permeable zone (damage zone) around the wellbore on the CO2 leakage rate 

during long-term CO2 injection. The influence of the damage zone permeability on the 

amount of CO2 leakage into the overburden layers was also investigated. For the purpose 

of this study, axisymmetric, coupled multiphase fluid flow and geomechanical models 

were constructed. For the purpose of comparison between the ground displacements due 

to CO2 injection, two separate models were constructed: 

 

1) With a damage zone around the wellbore  

2) No damage zone around the wellbore 

 

The model geometry consists of an overburden layer, a tight caprock layer, a 

reservoir layer and an underburden layer as shown in Figure 7-11. The damage zone was 
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assumed to extend from the bottom of the reservoir to about 100 m above the caprock 

layer as shown in Figure 7-11. The axisymmetric models consist of 172 grid-blocks in the 

radial-direction and 25 layers in the z-direction. A radial length of 150,000 m was 

considered in these models. The size of the permeable grid block was 1 m. Since no 

reliable data on the properties of the damage zone surrounding the well casing exists in 

the literature, the permeability of the damage zone around the wellbore was assumed to 

be ranging between 1000 mD to 100,000 mD. This permeability is approximately 

equivalent to having a fracture width of 1 mm and a fracture permeability of 1,000 D to 

100,000 D. Geomechanical and rock properties were similar to those used in the previous 

sections.  

 

A hypothetical large-scale CO2 injection scenario was considered to determine the 

extent of CO2 migration, CO2 leakage rate, and the vertical ground displacements over a 

period of 1,000 years. The CO2 injection was simulated for 50 years with the primary 

injection rate constraint being 5 million metric tonnes per year. As a secondary 

constraint, the maximum bottomhole pressure of 31,457 kPa was assumed. The initial 

average reservoir pressure was assumed to be 19,031 kPa in the model.  
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Figure 7-11: Schematic diagram of the hypothetical wellbore damage considered in 

this study. 

 

7.2.2 Modeling results of CO2 leakage 

 

After 50 years of CO2 injection, 250 million metric tonnes of CO2 was injected 

into the reservoir. Figure 7-12 shows the amount of CO2 that has leaked into the 

overburden for different damage zone permeability. Results show that after 50 years of 

the post-injection period, the computed amount of CO2 leaking in the overburden was 

very small. This may be due to the gradual drop in fluid pressure to hydrostatic 
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conditions, along the damage zone in the reservoir during the post-injection period as 

shown in Figure 7-13. Table 7.1 shows the CO2 leakage (%) into the overburden for 

different damage zone permeability. Modeling results show that the damage zone 

permeability has significant influence on the amount of CO2 leaking into the overburden. 

 

 

Figure 7-12: Computed cumulative CO2 volume that has leaked into the 

overburden. 
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Figure 7-13: Change in pressure in the damage zone with time.  

 

Table 7-1: CO2 leakage (%) for different damage zone permeability 

 

Damage zone permeability 

 
CO2 Leakage (%) 

 

1,000 D 0.58 

10,000 D 3.07 

50,000 D 7.76 

100,000 D 10.25 
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7.2.3 Ground response 

 

Figures 7-14 shows the vertical ground displacements at the end of  CO2 injection 

for the coupled multiphase fluid flow and geomechanical model with and without a 

permeable zone around the wellbore. The maximum computed vertical ground 

displacement (uplift) after 50 years of CO2 injection was about 1.58 cm in the model 

without damage around the wellbore.Figure 7-14 shows that the damage zone 

permeability has a significant influence on the computed ground displacements. The 

maximum computed ground displacements after 50 years of CO2 injection was about 

2.42 cm when the damage zone permeability was about 100,000 D.  

 

 

Figure 7-14: Computed vertical ground displacement at the end of CO2 injection. 
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7.2.4 Influence of the vertical extent of the damage zone on the amount of CO2 

leakage 

 

In this study, a coupled multiphase fluid flow and geomechanical model was 

constructed to investigate the influence of the vertical extent of the damage zone on the 

amount of CO2 leaking into the overburden and the ground displacements. The damage 

zone was assumed to extend from the bottom of the reservoir to the ground surface as 

shown in Figure 7-15. The permeability of the damage zone around the wellbore was 

assumed to be 1000 D, 10,000 D, 50,000 D, and 100,000 D. Figures 7-16 shows the 

cumulative CO2 volume which has leaked into the overburden for different damage zone 

permeability. The maximum computed CO2 volume that has leaked into the overburden 

when the damage zone permeability was 100,000 D was about 37 million metric tonnes. 

This CO2 volume leaking into the overburden is significantly higher when compared to 

the case where the hypothetical damage zone extended 790 m from the base of the 

reservoir into the overburden (CO2 volume = 25 million metric tonnes). Table 7.2 shows 

a comparison between the computed CO2 leakage (%) for different vertical extents of the 

hypothetical damage zone considered in this study. Results shown in Table 7.2 indicate 

that both, the vertical extent of the damage zone and the damage zone permeability have 

a significant influence on the CO2 leakage (%).  
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Figure 7-15: Schematic diagram of the hypothetical wellbore damage considered in 

this study. 
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Figure 7-16: Computed cumulative CO2 volume that has leaked into the 

overburden. 

 

Table 7-2:CO2 leakage (%) for different damage zone permeability 

 

Damage zone permeability 

(D) 
CO2 Leakage (%) 

Damage zone extending 100 m 

above caprock layer 

Damage zone extending to 

the surface 

1,000 0.58 0.58 

10,000 3.07 3.27 

50,000 7.76 8.92 

100,000 10.25 15.13 
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Figures 7-17 shows the vertical ground displacements at the end of  CO2 

injection for the coupled multiphase fluid flow and geomechanical model with and 

without a permeable zone around the wellbore. The maximum computed vertical 

ground displacement (uplift) after 50 years of CO2 injection was about 1.58 cm in the 

model with no damage around the wellbore. The maximum computed ground 

displacement after 50 years of CO2 injection was about 2.60 cm when the damage 

zone permeability was about 100,000 D. The computed ground displacements 

obtained in this study were higher than the ground displacements that were computed 

when the damage zone extended upto 100 m above the caprock layers from the base 

of the reservoir as shown in Table 7-3.However, this difference in the magnitude of 

ground displacements can be considered insignificant. Thus, surface displacements 

may not be a good indicator of the extent of damage zone around the wellbore. 

 

 

Figure 7-17: Computed vertical ground displacement at the end of CO2 injection. 
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Table 7-3: Ground displacements for different damage zone permeability 

 

Damage zone permeability 

(D) 

Ground displacements (cm) 

Damage zone extending 100 m 

above caprock layer 

Damage zone extending to 

the surface 

No damage zone 1.58 1.58 

10,000 1.80 1.80 

50,000 2.21 2.30 

100,000 2.41 2.60 
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Chapter 8: SUMMARY AND CONCLUSIONS 

 

8.1 Summary 

 

The primary objective of this study is to investigate the influence of different 

geochemical process on the geomechanical response of the overburden during long-term 

CO2 injection. In this study, radially symmetric, multiphase, and single porosity models 

were constructed to study the influence of geochemical changes on the geomechanical 

response of the overburden over a long term (1,000 years). The model geometry consists 

of an overburden layer, a tight caprock, a sandstone reservoir formation and an 

underburden to represent a hypothetical CO2 storage site. Three models were constructed 

to investigate the influence of geochemical reactions, brine salinity, and CO2 solubility on 

rock properties (porosity and permeability), and the geomechanical response of the rock 

system. These three models consist of: 1) A geochemical model to determine the 

influence of geochemical reactions on rock properties such as porosity and permeability, 

2) Coupled fluid flow, geomechanics models, and geochemical models with and without 

geochemical reactions to determine the influence of geochemical reactions on the 

geomechanical response of the system, 3) Coupled fluid flow and geomechanical models 

with and without salinity to determine the influence of salinity on CO2 solubility and the 

geomechanical response of the system. 

 

A hypothetical injection scenario was assumed for the models where CO2 was 

injected at a rate of 0.365 million metric tonnes per year or 1,000 metric tonnes per day 

for 25 years with a maximum bottom-hole pressure of 31,457 kPa. The model 

simulations were carried out for 1,000 years to examine the extent of CO2 migration, 

geochemical reactions such as mineral dissolution/ precipitation, the change in rock 

properties, and pressure response. Modeling results show that the change is porosity due 

to geochemical reactions was insignificant (2%). The reaction rate constants were then 

artificially increased to investigate the influence of the geochemical reaction rates on the 

rate of mineral dissolution/precipitation. The maximum change in the computed porosity 
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was 0.07 (fraction) after 1,000 years. This change in porosity translates to a 35% change 

of the original porosity.  

 

In the coupled multiphase fluid flow and geomechanical model with geochemical 

reactions, a constant elastic modulus of 40 GPa and a Poisson’ ratio of 0.25 was used for 

all rock formations. The computed fluid pressure gradient in the reservoir was 10.86 

kPa/m. Due to the high salinity value assumed in this study (195,000 ppm), the computed 

fluid pressure gradient is higher than the fluid pressure gradient for freshwater (9.79 

kPa/m). When CO2 was injected at a primary injection rate of 0.365 million metric tonnes 

per year, and a secondary constraint of maximum bottomhole pressure of 31,457 kPa, the 

maximum change in reservoir pressure at the end of 25-year was about 243 kPa. This 

change in pressure translates to an increase of 1.15% above the average initial reservoir 

pressure. The increase in pressure during CO2 injection is very small due to the assumed 

value of high reservoir permeability (100 mD) and the infinite extent of the reservoir. 

Modeling results show that the reservoir pressure drops significantly during the first 10 

years of the post-injection period (~ 70%).The maximum computed vertical displacement 

due to 25 years of CO2 injection was about 0.16 cm.The magnitudes of ground 

displacement are small due to small changes in fluid pressure during injection. The 

coupled fluid flow and geomechanical model with salinity and no geochemical reactions 

yielded similar results as above. This shows the geochemical reactions do not have any 

influence on the pressure response and computed ground displacements. 

 

In the coupled fluid flow and geomechanical model without salinity, the aqueous 

mass density is calculated as a linear function of pressure. The computed aqueous mass 

density for the coupled fluid flow and geomechanics model with salinity and the coupled 

fluid flow and geomechanics model without salinity are significantly different. When 

CO2 was injected at a primary injection rate of 0.365 million metric tonnes per year, and 

a secondary constraint of maximum bottomhole pressure of 31,457 kPa, the maximum 

change in reservoir pressure at the end of 25-year CO2 injection was about 216 kPa. This 

change in pressure translates to an increase of 1.02% above the average initial reservoir 

pressure. The maximum computed ground displacement in the coupled fluid flow and 
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geomechanics model without salinity was about 0.115 cm  after 25 years of injection.The 

difference in ground displacements betweeen the coupled fluid flow model with and 

without salinity was about 0.045 cm. This difference in the ground displacements can be 

related to the difference in the the magnitude of fluid pressure buildup due to CO2 

injection in the couple fluid flow and geomechanics model without salinity and the 

coupled fluid flow and geomechanics model with salinity. CO2 dissolution or solubility in 

brine decreases with salinity. Under such circumatances the displacement of the highly 

viscous brine during CO2 injection by the less viscous CO2 requires more effort thus 

leading to an increase in fluid pressure. The increase in fluid pressure results in an 

increase of the ground dispalcements. In order to investigate the influence of CO2 

solubility on the ground displacements, a coupled fluid flow and geomechanics models 

with different values of brine salinity were constructed. Modeling results show that the 

maximum reduction in CO2 dissolution was about 44% when compared to the coupled 

fluid flow and geomechanics model without salinity. Modeling results show that brine 

salinity and CO2 solubility in brine has an influence on the computed ground 

displacements. 

 

 

In this study, multiphase, single porosity, and axisymmetric models were also 

constructed to investigate the influence of large-scale CO2 injection (5 million metric tons 

per year - 10million metric tons per year) on the geomechanical response of the 

overburden. Since geochemical reactions do not have any significant influence on the 

computed pressure and ground displacements, the geochemical reactions were suppressed 

in this study. Two hypothetical large-scale CO2 injection scenarios were considered to 

examine the extent of CO2 migration, pressure response, and vertical ground 

displacements over a long-term period (1,000 years). The CO2 injection was simulated 

for 50 years in all the scenarios with the primary rate constraint being 5 million metric 

tonnes per year and 10 million metric tonnes per year. As a secondary constraint, the 

maximum bottomhole pressure of 31,457 kPa was assumed. The initial average reservoir 

pressure was assumed as 21,184 kPa in the model. 
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The maximum change in reservoir pressure when CO2 was injected at a rate of 5 

million metric tonnes per year was about 2,309 kPa which corresponds to an increase of 

11% above initial reservoir pressure. Modeling results show that the reservoir pressure 

drops by 1916.5 kPa (approximately 83% drop) at the end of 20 years. The drop in 

reservoir pressure after 50 years of post-injection is about 2,077 kPa (approximately 90 % 

drop). These modeling results indicate that the increase in the reservoir pressure due to 

CO2 injection decays with time during post-injection period (in this case, nearly 50 years 

of post-injection period). The maximum computed vertical ground displacement (uplift)  

was about 2.28 cm  after 50 years of CO2 injection. Post-injection results show that the 

ground displacements drop by 1.83 cm (approximately 80% drop) at the end of 20 years. 

The drop in ground displacements after 50 years of post-injection is about 2.04 cm 

(approximately 90 % drop). Modeling results show that the ground displacements after 

200 years of post-injection period were insignificant. The maximum computed ground 

displacement in the couple fluid flow and geomechanics model without salinity was 

about 1.64 cm  after 50 years of injection. The difference in the magnitude of ground 

displacement is about 0.64 cm,which translates to a 39% increase in ground 

displacements when salinity was included in the coupled fluid flow and geomechanics 

model. This difference in the ground displacements can be related to the signifcant 

difference in the the magnitude of fluid pressure buildup due to CO2 injection in the 

couple fluid flow and geomechanics model without salinity and the coupled fluid flow 

and geomechanics model with salinity (~ 437 kPa).  

 

In the case where CO2 was injected at a rate of 10 million metric tonnes per year, 

similar pressure responses were observed. The maximum change in reservoir pressure 

after 50 years of CO2 injection was about 4,067 kPa, which corresponds to an increase of 

19.20% above initial reservoir pressure. The post-injection results show that the reservoir 

pressure drops by 3,267 kPa (approximately 80% pressure drop) at the end of 20 years. 

The drop in reservoir pressure after 50 years of post-injection is about 3,641 kPa 

(approximately 90% pressure drop). The maximum computed vertical ground 

displacement (uplift)  was about 4.04 cm after 50 years of CO2 injection. Post-injection 

results show that the ground displacements drop by 3.39 cm (approximately 84% drop) at 
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the end of 20 years. The drop in ground displacements after 200 years of post-injection is 

about 3.81 cm (approximately 94.3% drop). The modeling results indicate that the ground 

displacements after 200 years of post-injection period were insignificant. The maximum 

computed ground displacement in the couple fluid flow and geomechanics model without 

salinity was about 3.10 cm after 50 years of injection. The difference in the magnitude of 

ground displacement is about 0.94 cm, which translates to a 30% increase in the ground 

displacements when salintiy was included in the coupled fluid flow and geomechanics 

model. This difference in the ground displacements can be related to the signifcant 

difference in the the magnitude of fluid pressure buildup due to CO2 injection in the 

couple fluid flow and geomechanics model without salinity and the coupled fluid flow 

and geomechanics model with salinity (~ 867 kPa).  

 

In this study, the influence of a vertical permeable zone (damage zone) around the 

wellbore, on the CO2 leakage rate and ground displacements, during long-term CO2 

injection was also investigated. The influence of the damage zone parameters such as 

permeability and the vertical extent of the damage zone on the leakage rate were also 

taken into consideration. A hypothetical large-scale CO2 injection scenario was 

considered to determine the extent of CO2 migration, CO2 leakage rate, and the vertical 

ground displacements over a period of 1,000 years. This particular analysis is based on 

coupled fluid flow and geomechanics (i.e., no geochemical reactions were considered). 

The CO2 injection was simulated for 50 years with the primary injection rate constraint 

being 5 million metric tonnes per year. The initial average reservoir pressure was 

assumed to be 19,031 kPa in the model. Since no reliable data on the properties of the 

damage zone surrounding the well casing exists in literature, the permeability of the 

damage zone around the wellbore was assumed to be in the range of 1 mD to 100,000 

mD. This permeability is approximately equivalent to having a fracture width of 1 mm 

and a fracture permeability of 1,000 D to 100,000 Darcy. Geomechanical and rock 

properties were similar to those used in the coupled fluid flow and geomechanical model 

with geochemical reactions as discussed in Chapter 5. 
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After 50 years of CO2 injection at a rate of 5 million tonnes per year, 

approximately 250 million metric tons of CO2 was injected into the reservoir. Due to the 

presence of a hypothetical vertical permeable zone (k = 100, 000 D) around the wellbore 

extending from the base of the reservoir to 100 m above the caprock (i.e., 790 m   of 

damage zone), about 25 million metric tonnes of CO2 leaked into the overburden layers. 

This computed volume of CO2 that has leaked into the overburden layers translates to 

10.25% loss of injected CO2. The maximum computed ground displacements after 50 

years of CO2 injection was about 2.42 cm when the damage zone permeability was 

100,000 D. When the vertical extent of the damage zone was increased to 2,180 m (base 

of the reservoir to the ground surface), about 37 million metric tonnes of CO2 leaked into 

the overburden layers when the permeability of the damage zone was 100,000 D. This 

computed volume of CO2 that has leaked into the overburden layers translates to 15.13% 

loss of injected CO2. The maximum computed ground displacements after 50 years of 

CO2 injection was about 2.60 cm when the damage zone permeability was about 100,000 

D. Modeling results from this study show that both, the permeability of the damage zone 

and the vertical extent of the damage zone have a significant influence on the volume of 

CO2 leaking into the overburden and the ground displacements. 

 

8.2 Conclusions 

 

 The amount of mineral dissolution and precipitation depends upon the rate 

constant of mineral reactions. 

 The mineral reaction data used in this study did not yield any significant mineral 

dissolution or precipitation (change in computed rock porosity was about 2%). 

 When the reaction rate of minerals was artificially increased significantly, the 

maximum change in reservoir rock porosity was about 35%. This reduction in 

reservoir porosity was due to mineral precipitation. 

 In the study involving short-term injection (i.e., 25 years of injection), pressure 

buildup is insignificant. This could be due to value of high reservoir permeability 

(100 mD) and the infinite extent of the reservoir.  Also, the computed ground 
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displacements during CO2 injection are considered insignificant. This could be 

due to the small injection volume (0.365 million tonnes per year) assumed in the 

study. 

 Large-scale CO2 injection (upto 10 million metric tonnes per year over 50 years 

of injection) causes significant increase in computed pressure and ground 

displacements during the injection period. 

 In the study involving short-term injection (i.e., 25 years of injection) and long -

term injection (i.e., 50 years of injection), the magnitude of the ground 

displacements obtained in the coupled fluid flow and geomechanics model with 

salinity are higher than the ground displacements in the coupled fluid flow and 

geomechanics model without salinity. This could be due to the difference in the 

magnitude of computed fluid pressure buildup in these models. 

 The inclusion of geochemical reactions in the coupled fluid flow and 

geomechanical models did not have any significant influence on the computed 

pressure and ground displacements due to CO2 injection. In other words, coupled 

fluid flow and geomechanical model would give similar results at a significantly 

lower computational effort. However, when the influence of salinity is 

incorporated in the coupled fluid flow-geochemical-geomechanical model, the 

computed displacements and fluid pressure distribution are significantly different. 

This indicates the need for the inclusion of salinity in the model, even though the 

computational effort is higher. 

 The permeability and the vertical extent of the damage zone around the wellbore 

has significant influence on the computed amount of CO2 leakage For a damage 

zone permeability of 100,000 D, the maximum computed CO2 leakage (%) after 

1,000 years was about 15.2 %, when the damage zone extended from the bottom 

of the reservoir to the surface. However, the maximum computed CO2 leakage 

(%) after 1,000 years was about 10.2 %, when the damage zone extended from the 

bottom of the reservoir to about 100m above the caprock layer. (i.e., 790 m of 

damage zone).  
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 After 50 years of the post-injection period, the computed amount of CO2 leaking 

into the overburden was very small. This may be due to the gradual drop in fluid 

pressure along the damage zone during the post-injection period. 

 Both, the permeability and the vertical extent of the hypothetical damage zone 

have a significant influence on the computed ground displacements. The 

maximum computed ground displacement after 50 years  of CO2 injection, in the 

presence of a damage zone (k = 100,000 D) which extended from the base of the 

reservoir to the ground surface (2,180 m) was about 2.60 cm. In the case where 

the damage zone extended upto 100 m above the caprock layer from the base of 

the reservoir, the maximum computed displacement for the same damage zone 

permeability was about 2.42 cm. Since the difference in computed surface 

displacement is small, it appears that surface displacements may not be a good 

indicator of the extent of damage zone around the wellbore. 
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