
1.  Introduction
Subsurface multiphase fluid flow is central to a number of scientific and engineering processes of major 
societal importance including energy resource use, environmental contaminant remediation, and climate 
change mitigation. Despite this, there are longstanding difficulties with the characterization and predictive 
modeling of subsurface flow. For example, at many 2COE  storage sites worldwide, carbon dioxide injected 
underground has migrated away from injection points at much faster rates than had been predicted with 
reservoir simulations (Arts et al., 2004; Birkholzer et al., 2015; Chadwick et al., 2009; Global CCS Insti-
tute, 2019; Hosseini et al., 2013, Lu et al., 2013; Onoja & Shariatipour, 2019, see Aminu et al., 2017). These 
observations suggest that field scale flow simulations are missing some of the leading order mechanisms 
governing fluid flow.

One gap in conventional reservoir simulation workflows is the field scale representation of the impact of 
small-scale heterogeneity on multiphase flow properties, the relative permeability and capillary pressure 
characteristics (Jackson & Krevor,  2020). Relative permeability is one of the key parameters controlling 
fluid behavior (Krevor et al., 2019). It is well known that laboratory relative permeability measurements 
are strongly influenced by permeability heterogeneity within cores that arises from sedimentary structures 
like crossbedding in sandstones or shell fragments in carbonates (Chang & Yortsos, 1992; Corey & Rath-
jens, 1956; Dawe et al., 1992; Hamon & Roy, 2000; Hove et al., 1990; Huppler, 1970; Kortekaas, 1985). The 
impact of porosity and capillary heterogeneity is less well understood although recent research indicates 
that it is one of the leading causes of anisotropy and flow rate dependency in observed relative permeability 
and thus can have a significant impact on upscaled properties (Boon & Benson, 2021; Ershadnia et al., 2021; 
Jackson et al., 2018; Krishnamurthy et al., 2017, 2019).
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An approach to characterize capillary heterogeneity within rock cores has been developed which combines 
experimental and numerical methods (Krause et al., 2011, 2013). The workflow uses a numerical history 
match of a coreflood experiment with the 3D saturation distribution as a matching target and the 3D cap-
illary pressure characteristics as well as the absolute permeability distribution as a fitting parameter. In re-
cent years, the approach has been further applied to a wide range of samples and developed to improve the 
observational basis and strengthen the iterative matching procedure (Berg et al., 2013; Hosseinzadeh Hejazi 
et al., 2019; Jackson et al., 2018; Krause & Benson, 2015; Krause et al., 2013; Kong et al., 2015; Ni et al., 2019; 
Pini & Benson, 2013a, 2013b; Reynolds et al., 2018). However, uncertainty still remains in characterizing 
more complex rocks typical of subsurface reservoirs across multiple fractional flows and flow rates, for ex-
ample, across the full range of flow conditions that would typically be encountered.

In this study, we evaluate the approach described by Jackson et al. (2018) to characterize heterogeneity in 
rock cores across five rock samples selected for their range of heterogeneity types and length scales com-
prising two sandstones and three carbonates. For the sandstones we use the experimental coreflood data of 
Reynolds and Krevor (2015); Reynolds et al. (2018) and for the carbonate rocks, the data set of Manoorkar 
et al. (2021). The sandstones exhibit distinctly orientated planar bedding, whereas the carbonates are char-
acterized by isotropic cementation of varying length scale. The range of rock types allows us to systemati-
cally evaluate the inversion approach against a systematic variation in rock structures. Using the validated 
models, we then investigate the impact of heterogeneity on flow behavior. We compare the rate dependency 
of relative permeability observed in sandstones and carbonates, and draw conclusions on the varying flow 
behavior.

2.  Methods
2.1.  Coreflood Observations

Previously acquired experimental datasets using five rock cores were studied, with experimental methods 
and data reported in Reynolds and Krevor (2015); Reynolds et al. (2018); Manoorkar et al. (2021). These data 
sets comprise observations from corefloods performed on two sandstones and three carbonate rock samples. 
Steady-state experiments were performed with the co-injection of nitrogen and DI water or 2COE  and brine 
at high (HR) and low (LR) flow rates to obtain flow parameters in the viscous-limit (VL) and capillary-limit 
(CL) flow regimes, with 3D X-ray images taken throughout using a medical X-ray CT scanner.

The five rock samples cover a range of depositional facies and exhibit distinct heterogeneity types and 
lengthscales, Figure 1. The Bentheimer sandstone exhibits a simple porosity heterogeneity orientated as a 
single layer parallel to the flow direction. The Bunter sandstone exhibits characteristics of early diagenetic 
processes (Brook et al.,  2003). As such, our sample features noticeable heterogeneity in porosity, which 
can be grouped into layers perpendicular to the axis of flow. The three carbonate samples, Indiana lime-
stone, Estaillades limestone, and Edwards Brown dolomite, exhibit varying degrees of cementation result-
ing in distinct lengthscales of isotropic heterogeneity resolved by the CT scanner. The Indiana limestone 
has the smallest scale porosity heterogeneity (E 1 mm). The Estaillades has an order of magnitude larger 
scale porosity heterogeneity (E 1 cm). The Edwards Brown dolomite has a multi centimeter length low-po-
rosity region toward the outlet of the core. Please see Supporting Information S1 for a detailed description 
of the geological setting of each sample and a summary of the experimental and modeling parameters 
(Supporting Information S1).

2.2.  Numerical Modeling

The flow simulations were performed using a fully implicit, isothermal black oil fluid simulator (CMG 
™IMEX), which uses the finite difference method to solve the governing equations. The simulations of each 
core used the rock and fluid properties given in Table S6 together with 3D porosity data obtained from med-
ical CT images, processed following the standard method detailed in Withjack (1988). A detailed discussion 
of grid dimensions and representative elementary volume (REV) is provided in Section S3.
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The viscous limit relative permeability curves were obtained with the high flow rate experiments. All vis-
cous-limit relative permeabilities were assumed to be uniform throughout the rock domain and were mod-
elled using the Chierici functional form Chierici (1984):
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where rgE k  and rwE k  are the gas and water relative permeabilities, respectively. wE S , wirrE S  and gcE S  refer to the 
water saturation, irreducible water saturation and critical gas saturation, respectively. E A, E B, E M and E L are 
empirical parameters that control the shape of the curves. Please see Section S4 for a detailed description 
of the modeling.

An average, or intrinsic, capillary pressure characteristic was obtained from observations made using mer-
cury injection porosimetry (MIP). The data was fit with the Brooks-Corey model (Brooks & Corey, 1964):
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where cE P  [Pa] is the capillary pressure as a function of water saturation ( wE S  [-]), eE P  [Pa] is the entry pressure, 
wirrE S  [-] is the irreducible water saturation and E  [-] is the pore size distribution factor.

Previous work found that permeability heterogeneity is not the dominant fluid distribution mechanism at 
lower flow rates (Jackson et al., 2018). Furthermore, Leverett-J function scaling is invalid for rocks with a 

multi-modal porosity (Sarwaruddin et al., 2001). We plotted values of PeE  against 

1E  for each voxel and saw 

no correlation, which confirmed this. Hence, the permeability was assumed to be constant throughout the 
samples and was set to the absolute permeability measured in a single phase flow experiment. For a detailed 
discussion, see Section S4.

Figure 1.  Porosity maps through the center planes of each sample showing the 2D porosity heterogeneity. Note the image sizes are slightly less than the 
physical cores as outer voxels impacted by imaging artifacts have been removed.
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2.3.  History Match of the Numerical Models

The approach of Jackson et al. (2018) was used to history match the numerical models for all of the experi-
mental datasets. With two of the carbonate rocks, the Indiana and Estaillades limestone, the approach was 
either unsuccessful or only partially successful. In these cases an extended approach was used. We summa-
rize the approach of Jackson et al. (2018) and the extended approach below.

2.3.1.  Approach of Jackson et al. (2018)

The 3D saturation maps of the rock cores obtained during the corefloods at all fractional flows were used 
to infer the heterogeneity in capillary pressure characteristics. An initial guess was made based on an in-
version of the saturation maps, followed by an iterative process whereby capillary pressure characteristics 
were updated based on the comparison between simulated 3D saturation maps and the observations. The 
workflow is briefly described below.

For the initial guess, capillary pressure in each slice was assumed to be constant, that is, at equilibrium. The 
average saturation in that slice was assumed to map to the Brooks-Corey fit of the capillary pressure char-
acteristic curve measured during routine core analysis (Equation 2). Voxel scale variation in the saturation 
within the slice was assumed to be caused by the capillary heterogeneity within the slice. From this a scaling 
factor E  was assigned to each voxel, adjusting the local capillary pressure characteristic curve, to minimize 
the mismatch between the slice-average and voxel-specific values:

 , ,( ) ( ),c i i i c avg iP S P S� (3)

    exp exp 2 exp 2
, , ,Θ ( ( ) ( )) ( ( ) ) ,

NN fv
i c avg if c i if i c avg if

i f
P S P S S P S� (4)

where ,c iE P  is the individual voxel capillary pressure, ,c avgE P  is the average capillary pressure curve, iE S  is the 
experimental voxel saturation, iE  is the individual voxel scaling parameter, vE N  is the total number of voxels, 

fE N  is the total number of fractional flows and  ,( )i c avgE S P  represents the saturation of the average capillary 
pressure curve after it has been scaled (using the slice-average capillary pressure). Through this, a 3D map 
of the initial scaling factor was built. The scaling was then used to populate the capillary pressure char-
acteristics of numerical simulations of corefloods using the CMG ™IMEX fluid simulator. The capillary 
heterogeneity was introduced alongside the porosity heterogeneity, the core-average characteristic capillary 
pressure behavior and the viscous-limit relative permeability.

The iterative calibration of the capillary pressure characteristics followed from this. After the first simula-
tion, 3D saturation and capillary pressure maps were extracted and compared to the experimental values. 
A deviation from the experimental observations (both cE P  and wE S ) was assumed to stem from an incorrect 
scaling parameter assigned to the voxel. E  was then updated, minimizing the mismatch between the experi-
ment and simulation. The objective function becomes the following, where the slice-average cE P  values have 
been replaced by the simulation values:

    exp 2 exp 2
, , ,Θ ( ( ) ( )) ( ( ) ) ,

NN fv sim
i c avg if c if if i c avg if

i f
P S P S S P S� (5)

where exp
ifE S  has been replaced with the simulation voxel saturation, sim

ifE S . Now,  ,( )i c avgE S P  represents the sat-
uration of the average capillary pressure curve after it has been scaled using the individual simulated voxel 
capillary pressure rather than the experimental slice-average capillary pressure. More detail can be found 
in Section S4.

2.3.2.  Extended Approaches Using Relative Permeability as a Fitting Parameter

The viscous-limit relative permeability curves used as input to the simulation are a major control on the 
results and ideally are measured with very little uncertainty in the observation. However, coreflood experi-
ments are challenging and the measurements can be affected by sources of error (Berg et al., 2021; Krause & 
Benson, 2015). In this work the observations from the carbonate rocks were difficult to match following the 
conventional workflow. Hence we explored improvement in the history-matched simulation by additionally 
using the core-averaged input viscous-limit relative permeability as a fitting parameter, with the observed 
relative permeability at the low flow rate as an additional matching target. Please see Section S7 for a de-
tailed description of this extended approach.
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3.  Results and Discussion
To evaluate the matching procedure, the voxel-scale fluid saturations were compared between the experi-
ments and the simulations. In the initial approach, the high flow rate, viscous-limit relative permeability 
was input into the simulations. The evaluation of the predictive capability was based on the predicted obser-
vations at the low flow rate, which reflect the impact of the heterogeneities inverted from the experimental 
saturation data.

3.1.  Sandstone Rocks

Following the workflow from Section 2.3.1, digital models for the two sandstones were generated. The rel-
ative permeabilities from the simulations align well with the experimental data for both samples, although 
the Bentheimer generally exhibits a closer match. These results demonstrate the replicability of the digital 
models: using identical modeling parameters in the unaltered iterative calibration workflow allowed us to 
regenerate the findings presented in Jackson et al. (2018). For a more comprehensive analysis, please see 
Section S5.

3.2.  Carbonate Rocks

Numerical models incorporating capillary heterogeneity were created for the carbonates, Figure  2. The 
matching procedure and predictive capability using the conventional approach, where the experimental 
viscous-limit relative permeability is constrained, are assessed using Figure 3. Further error analysis is in-
cluded in Section S6. The results using the extended approach, when the viscous-limit relative permeability 
is used as a fitting parameter, are presented in Section S7.

3.2.1.  Indiana Limestone

As shown in Figure 2, the Indiana limestone displays the finest-scaled and largest range of variations in E   
(  0 700E ). The sample has the smallest scale of heterogeneity resolved by the CT scanner (E 1 mm) and 
it displays the poorest match (Figure 3a). The simulation results in a homogeneous saturation distribution 
and fails to reproduce the experimental observations. This is also supported by the 3D saturation maps 
(Section S6).

This mismatch results in a poor prediction of the relative permeability (Figure 3b). Both, rgE k  and rwE k  are un-
derpredicted. The experimental rwE k  curve has almost 100 times larger relative permeability compared with 
the simulation. The simulated rgE k  curve plots closely to the viscous-limit. This suggests we did not capture 
the key features of the heterogeneity in the CT imagery, which was responsible for the shift in the relative 
permeability observed experimentally. A large core-average pressure drop in the simulation is responsible 
for the low rgE k . This could have been caused by poor connectivity of the heterogeneity. If some areas of the 
core are assigned high eE P , they inhibit the flow and cause a large pressure drop. The E  distribution supports 
this hypothesis: the optimisation resulted in a large range of E  values, with some reaching 700 (i.e., eE P  is 700 
times the 2.96 kPa core-average), which would significantly hinder fluid invasion into these parts of the 
core. Comparing different iterations shows that the range of E  values significantly increases with each iter-
ation: from 0–8 to 0–280 between iteration 1 and iteration 4. This large change in E  barely had an impact on 
the trend produced by the saturation correlation plot: it remained horizontal. This shows that even a signif-
icant change in the entry pressure distribution did not affect the outcome. Hence, the iterative optimisation 
failed to match the experimental observations.

3.2.2.  Estaillades Limestone

The length scale of heterogeneity for the Estaillades (E 1 cm) is between that of the Indiana and the Edwards 
Brown. It is associated with the least variation in entry pressures with a range  0.5 0.2E , Figure 2b. It 
exhibits a gradual distribution of E  clustered into relatively large regions within the core.

The voxel saturation plot displays a linear correlation between the experiment and the simulation ( 2E R  = 0.75) 
(Figure 3c). The iterative calibration partially matches the saturation distribution captured in the CT scans, 
although they are systematically overestimated. This is also supported by the 3D saturation maps (Sec-
tion S6). The digital model fails to predict the experimental low rate relative permeability (Figure 3d): rgE k  is 
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Figure 2.  3D digital model displaying the values of E  obtained after five iterations for (a) Indiana limestone, (b) 
Estaillades limestone and (c) Edwards Brown dolomite. Digital core dimensions: E L = 0.144 m,  = 0.011 m.
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significantly underpredicted. The prediction of water relative permeability fits the experimental data better, 
but the curve is shifted to lower water saturations. This is consistent with the voxel saturation correlations. 
The experimental data displays a raised rgE k  relative to the viscous-limit rgE k , suggesting that the heterogeneity 
enhances gas flow. This is not reproduced in the simulation. The offset in rgE k  is not caused by some areas of 

Figure 3.  An evaluation of the history match and predictive ability of models of carbonate rocks generated with the 
high flow rate relative permeability curve as input after five iterations. Left: voxel saturation correlation plot comparing 
the experiment and the simulation. The colors correspond to the individual fractional flows. Right: Computed relative 
permeabilities obtained from numerical simulations using the iteratively calibrated digital models as input. Top: 
Indiana, Middle: Estaillades, Bottom: Edwards Brown. VL stands for the viscous-limit relative permeabilities used as 
input to the simulations. Exp LR and HR refer to the low and high rate relative permeabilities respectively, obtained 
from the coreflood experiment. Sim LR refers to the relative permeabilities obtained from the simulation of the low rate 
experiment.
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the core being assigned very high eE P , the range of E  values is small. The sensitivity to boundary conditions 
was also tested, see Section S8 for a detailed discussion.

3.2.3.  Edwards Brown Dolomite

The initial matching procedure results in a large spread of voxel saturations, implying that the workflow is 
not able to match individual voxel saturations well (Figure 3e). However, the spatial distribution is repro-
duced—a high number of voxels plot closely to the 1:1 trendline. This is also observed in the 3D saturation 
maps (Section S6). The numerical model accurately predicts the capillary-limit relative permeabilities, sig-
nificantly better than the other two carbonate samples. Overall, this suggests that the model captures the 
controlling heterogeneity within the Edwards Brown dolomite. The low rate experiment exhibited a raised 

rgE k  compared with the viscous-limit curve, which is reproduced in the simulation.

3.3.  Evaluation of the Workflow Applicability

Carbonates are associated with complex, often bimodal, pore systems, which affect the flow behavior 
(Cantrell & Hagerty, 1999; Prodanović et al., 2015). The Estaillades limestone in particular exhibited sig-
nificant microporosity. To characterize this more closely, the MIP data was refitted using more suitable 
functional forms and the optimisation was repeated. The results displayed no visible improvement. A more 
extensive approach to model microporosity is to include variations in wirrE S  within the sample, as presented 
in Kurotori and Pini (2021). This will be investigated in future work. Microporosity may also be character-
ized by a different set of relative permeabilities. To explore this, more detailed data collection is required, for 
example, inferring relative permeability from small plugs corresponding to distinct facies within the core. 
Furthermore, the permeability variation within the carbonates arising from the complex pore structure 
likely impacts the observed fluid behavior. However, to infer the permeability in these rocks, pore-based 
modeling for example pore-network modeling (Zahasky & Benson, 2018), or positron emission tomography 
(Zahasky et al., 2020) is required. Thus, our models do not explicitly characterize the 3D permeability distri-
bution (Section S4). Lastly, the carbonate pore structure likely enables combined drainage and imbibition to 
occur during the coreflood experiments. In that case, basing the modeling effort solely on drainage behavior 
would not suffice. To explore this further, pore scale coreflood observations are required.

Non-uniqueness is a well-known issue in history matching (Berg et al., 2021). By using multiple datasets 
(low and high flow rate) and w cE S P  observations from all fractional flows (max. 16 for the Edwards Brown), 
the simulations were better constrained, further reducing the potential impact of non-uniqueness. The high 
volume of data guiding the workflow also differentiates it from previous studies (Hosseinzadeh Hejazi 
et al., 2019; Krause et al., 2011; Ni et al., 2019) and ensures the physical properties of the sample are repli-
cated. Testing the fully empirical approach (Section S7) emphasized this. It led to the loss of predictive capa-
bility achieved with the initial iterative approach on the Edwards Brown. This underscores the importance 
of incorporating the physical mechanisms controlling the fluid behavior by integrating a large number of 
datasets. To evaluate the impact of grid convergence issues, a locally refined grid was implemented in the 
simulation of one of the carbonates. The resultant voxel saturation correlation displayed no improvement, 
hence this was eliminated as a major control on the results.

The success of the workflow correlates with the characteristic length scale of the heterogeneity in each 
sample. The Edwards Brown dolomite was the only carbonate sample with a successful model—its porosi-
ty heterogeneity was clearly resolved by the imagery. Thus, a factor likely responsible for the breakdown of 
the calibration is the extent to which the controlling features are resolved by the medical CT scanner. The 
Indiana and Estaillades limestone samples are known for their pore-scale heterogeneities (Ji et al., 2012; 
Lin et al., 2016; Muljadi et al., 2016; Nejad Ebrahimi et al., 2013; Pereira Nunes et al., 2016). Hence, the 
CT images fail to provide sufficient detail to infer the capillary heterogeneity in these two samples, which 
ultimately results in a poor characterization. Out of three samples with successful characterization—the 
Bentheimer, Bunter and Edwards Brown—the Bunter sandstone has the smallest heterogeneity. The per-
pendicular layers have dimensions of   30 30 3E mm mm mm in the x, y, and z directions, respectively. Thus, 
the ratio of raw voxel to feature size is 13:1 in the x and y dimension and 1:1 in the z dimension. Similar 
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ratios have been observed as necessary in the accurate analysis of other 
X-ray imagery (Jackson et al., 2020; Lin et al., 2018).

3.4.  Rate-Dependant Behavior of Relative Permeability

Using the successful models for the Bentheimer sandstone, Bunter sand-
stone and Edwards Brown dolomite, simulations were run at varying flow 
rates to investigate the rate dependency of relative permeability, Figure 4. 
The trend varies strongly between the sandstones and the carbonates. 
The perpendicular layering in the Bunter sandstone generally reduc-
es the permeabilities of both phases, and as the total rate is increased, 
the relative permeabilities also increase. Comparatively, the Bentheimer 
sandstone, with parallel layering, allows for the phases to distribute more 
optimally, leading to a raised gas relative permeability relative to the vis-
cous-limit curve.

The carbonate sample displays a different trend. Of key interest is that, 
distinct from the sandstones, the variation in relative permeability is 
non-monotonic with varying flow rate. From the lowest flow rate, the 
relative permeability initially increases in the wetting and non-wetting 
fluid phases before decreasing again toward the viscous-limit curve. This 
is related to the isotropic nature of the heterogeneity. This non monotonic 
behavior was hypothesized in Virnovsky et al.  (2004). Additionally, the 
rate dependency is weaker than in the sandstones. This is because of the 
large size of the heterogeneity in the Edwards Brown. Ultimately, this 
controls the fluid behavior even in the high rate experiment. At varying 
rates, the shift in relative permeabilities is stronger for rwE k  than rgE k . This 
suggests that the relative strength of capillary forces has a stronger im-
pact on the water flow compared with the gas.

4.  Conclusions
We have applied the capillary heterogeneity characterization workflow 
presented in Jackson et al. (2018) to five samples with varying degrees of 
heterogeneity. This allowed us to systematically evaluate the inversion 
approach against a systematic variation in rock structures, from relative-
ly homogeneous sandstones to complex carbonates with subresolution 
porosity.

The workflow successfully characterized the heterogeneity in the two 
sandstones, where a good match in the experiment and simulation meas-
urements was observed. In contrast to this, the successful application of 
the workflow to the carbonates was found to correlate with the size of the 
controlling heterogeneous features resolved by the scanner. The Indiana 
and Estaillades limestone with subresolution porosity led to unsuccessful 
models. Comparatively, the Edwards Brown with a large cemented region 
clearly resolved in the imagery exhibited a good agreement between the 
experiment and the simulation. This supports the hypothesis that the it-
erative calibration is dependent on the amount of controlling rock struc-
ture that can be resolved with the medical CT scanner.

To improve the predictions, we tested a fully empirical approach whereby 
the input viscous-limit relative permeabilities were used as fitting param-
eters. This approach failed to result in predictive capability for the impact 
of flow rate on saturation distribution or relative permeability in all three 
carbonates. Notably, it led to the loss of predictive capability achieved 

Figure 4.  Equivalent relative permeabilities for the (a) Bentheimer, (b) 
Bunter, and (c) Edwards Brown at varying flow rates. Details on the cE N  
calculation and the tabulated data are presented in Sections S2 and S9, 
respectively. VL stands for the viscous-limit relative permeability.
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with the initial iterative approach on the Edwards Brown. This finding emphasizes the importance of con-
sidering the physical mechanisms controlling the fluid behavior in the creation of a numerical model of 
the rock cores. The purely numerical approach to matching the experiments led to a complete loss of the 
predictive capabilities of the models.

For the Bentheimer, Bunter and Edwards Brown samples with successful models, we investigated the flow 
rate dependency of the upscaled relative permeability. We found that the isotropic heterogeneity in the 
Edwards Brown resulted in non-monotonic behavior; initially relative permeability was increased, and sub-
sequently decreased with increasing flow rate.

The work both underscores the importance of capturing small-scale heterogeneities in characterizing sub-
surface fluid flows, as well as the challenges in doing so. Where imagery can sufficiently resolve heteroge-
neous features, the 3D history match procedure can be performed entirely within the realm of Darcy based 
reservoir simulators. For rocks where smaller scale features evidently place controls on the upscaled flow 
further techniques may be required such as the use of pore-network flow models (Zahasky et al., 2020).

Data Availability Statement
The experimental sandstone and carbonate data associated with this work may be obtained from 
the following data repositories: http://www.bgs.ac.uk/ukccs/accessions/index.html#item107811 and 
https://www2.bgs.ac.uk/ukccs/accessions/index.html#item133485, respectively. The numerical mod-
els used in this work may be obtained from the following data repository: https://doi.org/10.5285/
b5811883-225f-4bad-962a-8ba43baf9a74.

References
Aminu, M. D., Nabavi, S. A., Rochelle, C. A., & Manovic, V. (2017). A review of developments in carbon dioxide storage. Applied Energy, 

208, 1389–1419. https://doi.org/10.1016/j.apenergy.2017.09.015
Arts, R., Eiken, O., Chadwick, A., Zweigel, P., van der Meer, L., & Zinszner, B. (2004). Monitoring of CO2 injected at Sleipner using time-

lapse seismic data. Energy, 29(9–10), 1383–1392. https://doi.org/10.1016/j.energy.2004.03.072
Berg, S., Oedai, S., & Ott, H. (2013). Displacement and mass transfer between saturated and unsaturated CO2-brine systems in sandstone. 

International Journal of Greenhouse Gas Control, 12, 478–492. https://doi.org/10.1016/j.ijggc.2011.04.005
Berg, S., Unsal, E., & Dijk, H. (2021). Non-uniqueness and uncertainty quantification of relative permeability measurements by inverse 

modelling. Computers and Geotechnics, 132, 103964. https://doi.org/10.1016/j.compgeo.2020.103964
Birkholzer, J. T., Oldenburg, C. M., & Zhou, Q. (2015). CO2 migration and pressure evolution in deep saline aquifers. International Journal 

of Greenhouse Gas Control, 40, 203–220. https://doi.org/10.1016/j.ijggc.2015.03.022
Boon, M., & Benson, S. M. (2021). A physics-based model to predict the impact of horizontal lamination on CO2 plume migration. Advanc-

es in Water Resources, 150, 103881. https://doi.org/10.1016/j.advwatres.2021.103881
Brook, M., Shaw, K., Vincent, C., & Holloway, S. (2003). Gestco case study 2a-1: Storage Potential of the Bunter Sandstone in the UK sector 

of the Southern North Sea and the adjacent onshore area of Eastern England. (p. 37). British Geological Survey Commissioned Report 
CR/03/154N.

Brooks, R. H., & Corey, A. T. (1964). Hydraulic Properties of Porous Media (Vol. 3, pp. 1–23). Colorado State University: Hydrology Paper.
Cantrell, D. L., & Hagerty, R. M. (1999). Microporosity in Arab formation carbonates, Saudi Arabia. GeoArabia, 4(2), 129–154.
Chadwick, R. A., Noy, D., Arts, R., & Eiken, O. (2009). Latest time-lapse seismic data from Sleipner yield new insights into CO2 plume 

development. Energy Procedia, 1(1), 2103–2110. https://doi.org/10.1016/j.egypro.2009.01.274
Chang, J., & Yortsos, Y. (1992). Effect of capillary heterogeneity on Buckley-Leverett displacement. SPE Reservoir Engineering, 7, 285–293. 

https://doi.org/10.2118/18798-pa
Chierici, G. L. (1984). Novel relations for drainage and imbibition relative permeabilities. SPE Journal, 24, 275–276. https://doi.

org/10.2118/10165-pa
Corey, A., & Rathjens, C. (1956). Effect of stratification on relative permeability. Journal of Petroleum Technology, 8, 69–71. https://doi.

org/10.2118/744-g
Dawe, R. A., Wheat, M. R., & Bidner, M. S. (1992). Experimental investigation of capillary pressure effects on immiscible displacement in 

lensed and layered porous media. Transport in Porous Media, 7, 83–101. https://doi.org/10.1007/bf00617318
Ershadnia, R., Hajirezaie, S., Amooie, A., Wallace, C. D., Gershenzon, N. I., Hosseini, S. A., et al. (2021). CO2 geological sequestration in 

multiscale heterogeneous aquifers: Effects of heterogeneity, connectivity, impurity, and hysteresis. Advances in Water Resources, 151, 
103895. https://doi.org/10.1016/j.advwatres.2021.103895

Global CCS Institute. (2019). Global status of CCS.
Hamon, G., & Roy, C. (2000). Influence of heterogeneity, wettability and coreflood design on relative permeability curves. Paper SCA.
Hosseini, S. A., Lashgari, H., Choi, J. W., Nicot, J. P., Lu, J., & Hovorka, S. D. (2013). Static and dynamic reservoir modeling for geo-

logical CO2 sequestration at Cranfield, Mississippi, U.S.A. International Journal of Greenhouse Gas Control, 18, 449–462. https://doi.
org/10.1016/j.ijggc.2012.11.009

Hosseinzadeh Hejazi, S. A., Shah, S., & Pini, R. (2019). Dynamic measurements of drainage capillary pressure curves in carbonate rocks. 
Chemical Engineering Science, 200, 268–284. https://doi.org/10.1016/j.ces.2019.02.002

Hove, A. O., Nilsen, V., & Jorgen, L. (1990). Visualization of Xanthan flood behavior in core samples by means of X-ray tomography. SPE 
Reservoir Engineering, 5, 475–480. https://doi.org/10.2118/17342-pa

Acknowledgments
This work was funded by the Engineer-
ing and Physical Sciences Research 
Council (iCase studentship). The 
authors acknowledge PRORES and 
Computer Modelling Group (CMG) 
for providing access to SENDRA and 
IMEX, respectively.

 19447973, 2021, 9, D
ow

nloaded from
 https://agupubs.onlinelibrary.w

iley.com
/doi/10.1029/2021W

R
030581 by C

ochraneC
hina, W

iley O
nline L

ibrary on [27/08/2024]. See the T
erm

s and C
onditions (https://onlinelibrary.w

iley.com
/term

s-and-conditions) on W
iley O

nline L
ibrary for rules of use; O

A
 articles are governed by the applicable C

reative C
om

m
ons L

icense

http://www.bgs.ac.uk/ukccs/accessions/index.html#item107811
https://www2.bgs.ac.uk/ukccs/accessions/index.html#item133485
https://doi.org/10.5285/b5811883-225f%2D4bad%2D962a%2D8ba43baf9a74
https://doi.org/10.5285/b5811883-225f%2D4bad%2D962a%2D8ba43baf9a74
https://doi.org/10.1016/j.apenergy.2017.09.015
https://doi.org/10.1016/j.energy.2004.03.072
https://doi.org/10.1016/j.ijggc.2011.04.005
https://doi.org/10.1016/j.compgeo.2020.103964
https://doi.org/10.1016/j.ijggc.2015.03.022
https://doi.org/10.1016/j.advwatres.2021.103881
https://doi.org/10.1016/j.egypro.2009.01.274
https://doi.org/10.2118/18798%2Dpa
https://doi.org/10.2118/10165%2Dpa
https://doi.org/10.2118/10165%2Dpa
https://doi.org/10.2118/744%2Dg
https://doi.org/10.2118/744%2Dg
https://doi.org/10.1007/bf00617318
https://doi.org/10.1016/j.advwatres.2021.103895
https://doi.org/10.1016/j.ijggc.2012.11.009
https://doi.org/10.1016/j.ijggc.2012.11.009
https://doi.org/10.1016/j.ces.2019.02.002
https://doi.org/10.2118/17342%2Dpa


Water Resources Research

WENCK ET AL.

10.1029/2021WR030581

11 of 11

Huppler, J. D. (1970). Numerical investigation of the effects of core heterogeneities on waterflood relative permeabilities. AIME Petroleum 
Transcations, 10, 381–392. https://doi.org/10.2118/2874-pa

Jackson, S. J., Agada, S., Reynolds, C. A., & Krevor, S. (2018). Characterizing drainage multiphase flow in heterogeneous sandstones. Water 
Resources Research, 54(4), 3139–3161. https://doi.org/10.1029/2017WR022282

Jackson, S. J., & Krevor, S. (2020). Small-scale capillary heterogeneity linked to rapid plume migration during CO2 storage. Geophysical 
Research Letters, 47(18). https://doi.org/10.1029/2020GL088616

Jackson, S. J., Lin, Q., & Krevor, S. (2020). Representative elementary volumes, hysteresis, and heterogeneity in multiphase flow from the 
pore to continuum scale. Water Resources Research, 56(6), 1–24. https://doi.org/10.1029/2019WR026396

Ji, Y., Baud, P., Vajdova, V., & Wong, T. F. (2012). Caractérisation de la géométrie des pores dans le calcaire de l’Indiana (États-Unis) en 
relation avec la compaction mécanique. Oil and Gas Science and Technology, 67(5), 753–775. https://doi.org/10.2516/ogst/2012051

Kong, X., Delshad, M., & Wheeler, M. F. (2015). History matching heterogeneous coreflood of CO2/brine by use of compositional reservoir 
simulator and geostatistical approach. SPE Journal, 20(2), 267–276. https://doi.org/10.2118/163625-pa

Kortekaas, T. F. (1985). Water/oil displacement characteristics in crossbedded reservoir zones. Society of Petroleum Engineers Journal, 
25(6), 917–926. https://doi.org/10.2118/12112-PA

Krause, M., & Benson, S. M. (2015). Accurate determination of characteristic relative permeability curves. Advances in Water Resources, 83, 
376–388. https://doi.org/10.1016/j.advwatres.2015.07.009

Krause, M., Krevor, S., & Benson, S. M. (2013). A procedure for the accurate determination of sub-core scale permeability distributions 
with error quantification. Transport in Porous Media, 98(3), 565–588. https://doi.org/10.1007/s11242-013-0161-y

Krause, M., Perrin, J. C., & Benson, S. M. (2011). Modeling permeability distributions in a sandstone core for history matching coreflood 
experiments. SPE Journal, 16(4), 768–777. https://doi.org/10.2118/126340-PA

Krevor, S., Blunt, M. J., Trusler, J., & De Simone, S. (2019). An introduction to subsurface CO2 storage. In Carbon capture and storage (Vol. 
26, pp. 238–295). Cambridge: Royal Society of Chemistry. https://doi.org/10.1039/9781788012744-00238

Krishnamurthy, P. G., Meckel, T. A., & DiCarlo, D. (2019). Mimicking geologic depositional fabrics for multiphase flow experiments. Water 
Resources Research, 55(11), 9623–9638. https://doi.org/10.1029/2019WR025664

Krishnamurthy, P. G., Trevisan, L., & Meckel, T. (2017). Investigating the influence of geological heterogeneity on capillary trapping 
of buoyant CO2 using transmitted-light flow visualization experiments. Energy Procedia, 114, 4961–4966. https://doi.org/10.1016/j.
egypro.2017.03.1638

Kurotori, T., & Pini, R. (2021). A general capillary equilibrium model to describe drainage experiments in heterogeneous laboratory rock 
cores. Advances in Water Resources, 152, 103938. https://doi.org/10.1016/j.advwatres.2021.103938

Lin, Q., Al-Khulaifi, Y., Blunt, M., & Bijeljic, B. (2016). Quantification of sub-resolution porosity in carbonate rocks by applying high-salinity 
contrast brine using x-ray microtomography differential imaging. Elsevier.

Lin, Q., Bijeljic, B., Pini, R., Blunt, M. J., & Krevor, S. (2018). Imaging and measurement of pore-scale interfacial curvature to deter-
mine capillary pressure simultaneously with relative permeability. Water Resources Research, 54(9), 7046–7060. https://doi.
org/10.1029/2018WR023214

Lu, J., Kordi, M., Hovorka, S. D., Meckel, T. A., & Christopher, C. A. (2013). Reservoir characterization and complications for trapping 
mechanisms at Cranfield CO2 injection site. International Journal of Greenhouse Gas Control, 18, 361–374. https://doi.org/10.1016/j.
ijggc.2012.10.007

Manoorkar, S., Jackson, S. J., & Krevor, S. (2021). Observations of the impacts of 0.001m–0.1m heterogeneities on relative permeability and 
trapping in carbonate rocks. Water Resources Research.

Muljadi, B. P., Blunt, M. J., Raeini, A. Q., & Bijeljic, B. (2016). The impact of porous media heterogeneity on non-darcy flow behaviour from 
pore-scale simulation. Advances in Water Resources, 95, 329–340. https://doi.org/10.1016/j.advwatres.2015.05.019

Nejad Ebrahimi, A., Jamshidi, S., Iglauer, S., & Boozarjomehry, R. (2013). Genetic algorithm-based pore network extraction from mi-
cro-computed tomography images. Chemical Engineering Science, 92, 157–166. https://doi.org/10.1016/j.ces.2013.01.045

Ni, H., Boon, M., Garing, C., & Benson, S. M. (2019). Predicting CO2 residual trapping ability based on experimental petrophysical properties 
for different sandstone types. International Journal of Greenhouse Gas Control, 86, 158–176. https://doi.org/10.1016/j.ijggc.2019.04.024

Onoja, M. U., & Shariatipour, S. M. (2019). Assessing the impact of relative permeability and capillary heterogeneity on Darcy flow mod-
elling of CO2 storage in Utsira Formation. Greenhouse Gases: Science and Technology, 9(6), 1221–1246. https://doi.org/10.1002/ghg.1932

Pereira Nunes, J., Bijeljic, B., & Blunt, M. (2016). Pore-space structure and average dissolution rates: A simulation study. AGU Publications.
Pini, R., & Benson, S. M. (2013a). Characterization and scaling of mesoscale heterogeneities in sandstones. Geophysical Research Letters, 

40(15), 3903–3908. https://doi.org/10.1002/grl.50756
Pini, R., & Benson, S. M. (2013b). Simultaneous determination of capillary pressure and relative permeability curves from core-flooding 

experiments with various fluid pairs. Water Resources Research, 49(6), 3516–3530. https://doi.org/10.1002/wrcr.20274
Prodanović, M., Mehmani, A., & Sheppard, A. P. (2015). Imaged-based multiscale network modelling of microporosity in carbonates. 

Geological Society, London, Special Publications. 406, 95–113. https://doi.org/10.1144/SP406.9
Reynolds, C. A., Blunt, M. J., & Krevor, S. (2018). Multiphase flow characteristics of heterogeneous rocks from CO2 storage reservoirs in the 

United Kingdom. Water Resources Research, 54(2), 729–745. https://doi.org/10.1002/2017WR021651
Reynolds, C. A., & Krevor, S. (2015). Characterizing flow behavior for gas injection: Relative permeability of CO2-brine and N2-water in 

heterogeneous rocks. Water Resources Research, 51. https://doi.org/10.1002/2015WR017200
Sarwaruddin, M., Skauge, A., & Torsaeter, O. (2001). Modeling of capillary pressure for heterogeneous reservoirs by a modified J-Function.
Virnovsky, G. A., Friis, H. A., & Lohne, A. (2004). A Steady-state upscaling approach for immiscible two-phase flow. Transport in Porous 

Media, 54(2), 167–192. https://doi.org/10.1023/A:1026363132351
Withjack, E. M. (1988). Computed tomography for rock-property determination and fluid-flow visualization. SPE Formation Evaluation, 

3(4), 696–704. https://doi.org/10.2118/16951-pa
Zahasky, C., & Benson, S. M. (2018). Micro-positron emission tomography for measuring sub-core scale single and multiphase transport 

parameters in porous media. Advances in Water Resources, 115, 1–16. https://doi.org/10.1016/j.advwatres.2018.03.002
Zahasky, C., Jackson, S. J., Lin, Q., & Krevor, S. (2020). Pore network model predictions of Darcy-scale multiphase flow heterogeneity 

validated by experiments. Water Resources Research, 56(6), 1–16. https://doi.org/10.1029/2019WR026708

 19447973, 2021, 9, D
ow

nloaded from
 https://agupubs.onlinelibrary.w

iley.com
/doi/10.1029/2021W

R
030581 by C

ochraneC
hina, W

iley O
nline L

ibrary on [27/08/2024]. See the T
erm

s and C
onditions (https://onlinelibrary.w

iley.com
/term

s-and-conditions) on W
iley O

nline L
ibrary for rules of use; O

A
 articles are governed by the applicable C

reative C
om

m
ons L

icense

https://doi.org/10.2118/2874%2Dpa
https://doi.org/10.1029/2017WR022282
https://doi.org/10.1029/2020GL088616
https://doi.org/10.1029/2019WR026396
https://doi.org/10.2516/ogst/2012051
https://doi.org/10.2118/163625%2Dpa
https://doi.org/10.2118/12112%2DPA
https://doi.org/10.1016/j.advwatres.2015.07.009
https://doi.org/10.1007/s11242-013-0161-y
https://doi.org/10.2118/126340%2DPA
https://doi.org/10.1039/9781788012744-00238
https://doi.org/10.1029/2019WR025664
https://doi.org/10.1016/j.egypro.2017.03.1638
https://doi.org/10.1016/j.egypro.2017.03.1638
https://doi.org/10.1016/j.advwatres.2021.103938
https://doi.org/10.1029/2018WR023214
https://doi.org/10.1029/2018WR023214
https://doi.org/10.1016/j.ijggc.2012.10.007
https://doi.org/10.1016/j.ijggc.2012.10.007
https://doi.org/10.1016/j.advwatres.2015.05.019
https://doi.org/10.1016/j.ces.2013.01.045
https://doi.org/10.1016/j.ijggc.2019.04.024
https://doi.org/10.1002/ghg.1932
https://doi.org/10.1002/grl.50756
https://doi.org/10.1002/wrcr.20274
https://doi.org/10.1144/SP406.9
https://doi.org/10.1002/2017WR021651
https://doi.org/10.1002/2015WR017200
https://doi.org/10.1023/A%3A1026363132351
https://doi.org/10.2118/16951%2Dpa
https://doi.org/10.1016/j.advwatres.2018.03.002
https://doi.org/10.1029/2019WR026708

	Simulating Core Floods in Heterogeneous Sandstone and Carbonate Rocks
	Abstract
	1. Introduction
	2. Methods
	2.1. Coreflood Observations
	2.2. Numerical Modeling
	2.3. History Match of the Numerical Models
	2.3.1. Approach of Jackson et al. (2018)
	2.3.2. Extended Approaches Using Relative Permeability as a Fitting Parameter


	3. Results and Discussion
	3.1. Sandstone Rocks
	3.2. Carbonate Rocks
	3.2.1. Indiana Limestone
	3.2.2. Estaillades Limestone
	3.2.3. Edwards Brown Dolomite

	3.3. Evaluation of the Workflow Applicability
	3.4. Rate-Dependant Behavior of Relative Permeability

	4. Conclusions
	Data Availability Statement
	References


