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A B S T R A C T   

Study region: A flat, large, semi-arid plateau in the southwest United States (west Texas and 
southeast New Mexico) underlain by a deep Paleozoic sedimentary basin, the tectonic Delaware 
Basin, host of intensive hydrocarbon production. 
Study focus: Impacts of injection of large volumes of water produced from oil and gas wells and 
injected through 1000 + disposal wells, in particular, pressure buildup, induced seismicity and 
their potential consequences, in a formation underlying fresh-water aquifers but separated from 
them by thick layers of evaporites. The target formation is the Delaware Mountain Group (DMG) 
of Permian age and consisting of up to 4500 ft (~1400 m) of mostly fine-grained, deepwater 
siliciclastic slope and basin deposits (sandstones, siltstones, and minor limestones). A flow model 
was developed and calibrated from well log data, stratigraphic data, petrophysical analyses, and 
core data (123 ×170 mi2 - 1 ×1 mi2 grid size) complemented with dynamic injectivity infor
mation based on surface injection pressures and rates of the disposal wells. 
New hydrological insights for the region: Injection of 5.8 billion barrels (0.92 billion m3) of waste 
water has generated regional pressure increases in the DMG mostly in the 100–400 psi (0.7–2.8 
MPa) range: (1) creating strong artesian conditions that, combined with the presence of numerous 
historical boreholes, could connect DMG and fresh-water aquifers; and (2) generating conditions 
leading to actually observed moderate induced seismicity.   

1. Introduction 

The Permian Basin of west Texas and southeast New Mexico (Fig. 1 and Fig. S1) is an important oil-producing basin in the 
southwest region of the USA whose production had been declining until the mid-2000 s, but that has seen a strong recovery related to 
development of unconventional resources. Unconventional resources include very low-permeability rocks, such as shales, that are 
typically the source of hydrocarbon accumulations in conventional reservoirs. Their development was made possible by the concurrent 
advances in horizontal drilling technology (1–3 km of horizontal section) and hydraulic fracturing stimulation, during which large 
amounts of water are injected to fracture the rock and increase its permeability (Nicot et al., 2014; Vidic et al., 2013; Nicot and 
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Scanlon, 2012). However, a well-known consequence of unconventional production in the Delaware Basin (DB), a sub-basin of the 
Permian Basin, is a high water-oil ratio, amounting to produced water volumes multiple times that of the oil produced (Scanlon et al., 
2017, 2020b; Lemons et al., 2019); perhaps the highest of any shale play in the USA. The produced water volume is also multiple times 
that of fluids used for hydraulic fracturing but some of it can be reused for fracturing unconventional formations (Saini and Mezei, 
2016). The Permian-age Delaware Mountain Group (DMG) is the major target for produced water disposal. The first fully documented 
salt water disposal (SWD) well was drilled in the early 1980 s. However, since then, many more SWD wells have been drilled to service 
the increased waste disposal needs of a growing oil and gas industry that has increased production from unconventional reservoirs 
underlying the DMG, and that has raised concerns about induced seismicity, disposal capacity, and pressure increases. Historically, the 

Fig. 1. Location map of the study area with topographic, geographic, and geological features. Approximate boundaries of the tectonic Delaware 
Basin outlined by solid red line. Footprint of the Capitan Reef outlined by dotted black line. The yellow squares are towns. The Grisham fault zone 
delineated by solid blue line. Footprint of a large Hendrick oil field (historical significance) shown in green. Data from wells A to D were used in the 
model calibration. GFZ = Grisham Fault Zone; HC = Hovey Channel; CBP = Central Basin Platform; NS = Northern Shelf. The green star represents 
the location of the type log well in Fig. 2. 
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disposal of waste fluids and seismicity have been shown to be related (Healy et al., 1968), and, more recently, in basins across the 
south-central USA (Barnes and Halihan, 2019; Hennings et al., 2019; Skoumal et al., 2018, 2019; Langenbruch and Zoback, 2016). The 
volume of water injected in the DMG (a total of 5.8 billion barrels as of December 2019) has been at a historical maximum in recent 
years (Fig. S2), and exceeds the cumulative volume of fluids injected in other nearby seismic-prone areas such as the Fort Worth Basin 
(2.23 billion barrels) (Gao et al., 2021), but is less than the amount injected in Oklahoma (11.5 billion barrels) (Scanlon et al., 2020b). 
The regional pressure increase can potentially impact the overlying and adjacent aquifers, including strings of desert springs such as in 
the Balmorhea, Texas area (Uliana et al., 2007; Robertson et al., 2019), through ~60,000 oil and gas production wells (HIS, 2017–, 
2020), many of which have been abandoned for more than half-a-century. It can favor anthropogenic dissolution of the overlying 
evaporites, and, in extreme cases, lead to the formation of sinkholes such as observed in the Wink Sink, Winkler County, in the 
Hendrick oilfield (Fig. 1) (Kim et al., 2019; Paine et al., 2009). 

The objective of this study is to provide estimations of pore pressure evolution in the DB for use in causal assessment and mitigation 
of induced seismicity (Dvory and Zoback, 2021; Morris et al., 2021; Savvaidis et al., 2020), and for management of the DMG as an 
injection disposal resource in the DB, including risk assessments. As the need for protecting fresh water resources intensifies, there is 
growing interest in understanding proximal water-bearing formations underlying fresh-water aquifers (Bloomfield et al., 2020; Kang 
et al., 2019). We developed a numerical flow model focusing on the pore pressure history of the DMG main injection intervals (from 
1983 to 2019). The modeling approach is very straightforward in principle and relies on the direct application of Darcy’s law in a 
single-phase flow system although the study is concerned with water injection rather than withdrawal. The detailed stratigraphy of the 
modeled formations allowed the development of a conceptual model for flow parameters somewhat balancing data scarcity. In 
addition, we introduce the concept of using injection pressure and injection rate (whose ratio is injectivity or specific capacity) as a 
means to develop the model permeability field. Because of the lack of wells dedicated to pressure and head monitoring, we instead use 
injection pressure at the ground surface to calibrate the regional model. The long-term sustainability of such a large regional injection 
scheme has been raised and some operators are turning to water recycling or beneficial use after treatment instead of injection as a 
means to dispose of the produced water (Scanlon et al., 2020a). 

2. Geological background 

2.1. Geological setting 

Covering an area of ~10,000 mi2 (25,000 km2), with surface elevations ranging from ~3000–4500 + ft amsl (~1000–1400 + m 
amsl), the DB is a sub-basin of the Permian Basin province of west Texas and southeast New Mexico. The DB and its flanks have been 
affected by several extensional and contractional tectonic events cumulatively leading to the present day tectonic fabric (Horne et al., 
2021 and references therein). Paleozoic sediments rest on a Proterozoic basement and the oldest sediments in what would become the 
DB are mostly carbonate platform deposits of Ordovician to Devonian age (Fig. S3). The thickness of Paleozoic sediments to the 
Pennsylvanian varies around ~8000 ft (2400 m) and the basin fill is more than 20,000 ft (>6 km) thick at its deepest (Fig. S4). The 
surface topography of the DB is a flat plateau with moderate topography in the west (Guadalupe and Delaware Mountains) and south 
(Apache and Davis Mountains), and a slope dipping gently to the east and southeast. Subsidence in the DB was most active during the 
early Permian. The thick Permian-age strata are named, in order of decreasing age: Wolfcampian, Leonardian, Guadalupian, and 
Ochoan (Fig. S3). The cumulative thickness of the Permian deposits can be as high as 15,000 ft (4500 m) in the main depocenters, but 
less than half of that thickness along some of its margins. 

The DB was quiescent during most of the Mesozoic but some minor Triassic-age lacustrine deposits (Dockum) and clastic and 
carbonate sediments related to the Cretaceous transgression (Western Interior Seaway) are preserved. Much of these more recent 
sediments have been eroded owing to the Neogene tilting of the Texas Craton, which includes the DB, that exposed the western margin 
of the Permian Basin (Brown, 2019; Anon, 2019). Cenozoic alluvium (Pecos Valley Alluvium), locally very thick, is derived from prior 
salt dissolution and related subsidence, and these sediments are capped by aeolian deposits. 

The main structural features of the DB were in place by the end of the Permian with (1) reverse upwardly attenuating thrust faults 
with NNW-SSE strike on the DB’s eastern margin separating it from the Central Basin Platform (CBP); (2) development during the 
Guadalupian and coeval of the DMG deposition of an important reefal system ringing most of the DB, the Capitan Reef complex, whose 
core is made of massive carbonates; and (3) an E-W structural feature, variously called the Mid-Basin High, Grisham Arch or Grisham 
Fault Zone, south of Loving County that displaces all formations older than the Leonardian Bone Spring Formation (Van Der Loop, 
2017). Basement-rooted faults, often with large throws, die-out upward into the Wolfcamp before they reach the DMG (Horne et al., 
2021). Two important tectonic events occurred in the Cenozoic; (1) regional uplift during the Laramide orogeny (~60 Ma) and (2) 
tilting due to Basin and Range tectonics (10–20 Ma) (Sinclair, 2007). These two events did not fundamentally change the structure of 
the DB but altered the dynamics of fluid flow within it. Note that, although the CBP was exposed and its carbonates underwent multiple 
episodes of karstification and erosion during the Permian, the DB basinal sediments of Permian age were not exposed until these 
Cenozoic events. 

2.2. The Permian Period and Delaware Mountain Group 

Permian deposits, all marine in origin, are coarser clastics (with infrequent depositional carbonates) transitioning from the 
mudstone-rich facies in the Wolfcamp Formation to the clastic- and carbonate-rich Leonardian Bone Spring Formation, to the mostly 
silty and sandy Guadalupian DMG, and capped by thick Ochoan evaporitic deposits, mostly anhydrite of the Castile Formation and 
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mostly halite of the Salado Formation (Fig. S3). The Wolfcamp Formation lies conformably on Pennsylvanian shales and consists 
mostly of silica-rich mudstones. The Wolfcamp Formation represents the primary interval currently targeted by oil and gas operators. 
Bone Spring sediments conformably overlie Wolfcamp sediments and consist of alternating siliciclastic intervals, also often targeted by 
operators, and more carbonate-rich intervals. Because the Bone Spring Formation was deposited in a more quiescent basin already 
filled with sediments, its thickness is more uniform across the DB with an estimated average thickness of ~3000 ft (~900 m). 

DMG sediments represent the unconformable continuation of the Bone Spring sedimentation with much less abundant carbonates, 
and consist mostly of initially clay-poor arkosic to subarkosic siltstones and fine sandstones with minor detrital carbonates (Dutton, 
2008; Nance, 2020a; Smye et al., 2021). The transition to the DMG at the top of the Bone Spring Formation is marked by fine-grained 
intervals (carbonate mass transport deposits with increasing organic-rich siltstones), collectively named the Cutoff Shale; one of them, 
the Avalon Shale, is targeted by operators in New Mexico (Hurd et al., 2018; Carr, 2019; Smye et al., 2021). The DMG is traditionally 
divided into three units (increasing overall permeability), and, in ascending stratigraphic order, are the Brushy Canyon, Cherry Canyon 
and Bell Canyon Formations. The DMG cumulative thickness can be up to 4500 ft (~1400 m) in the DB mid-section, but decreases to 
< 2000 ft (<600 m) at its northern and southern edges. The sediment deposition mechanisms have been described as lowstand 
turbidity currents transporting and distributing siliciclastic sediments from the platforms to the DB in fan complexes and as debris 
flows of carbonates taken from the exposed platforms or outer-shelf back reef deposits (Smye et al., 2021; Nance, 2020a). The 
abundant, sometimes organic-rich siltstones, are interpreted as starved, transgressive to highstand, eolian or suspension deposits 
(Smye et al., 2021; Nance, 2020a; Dutton et al., 2005). Numerous sea-level fluctuations generated the interspersed nature of siltstones 
and sandstones. 

Proximal deposits are channelized whereas distal deposits are more sheet-like with a low degree of amalgamation or sand-on-sand 
contact (Zhang et al., 2017) as stratigraphically distinct successions of highstand sands are disconnected by intervening lowstand 
siltstones suggesting unfavorable vertical connectivity (Smye et al., 2021). Examination of net sand maps shows a clockwise rotation of 
the main fairway trends from the northern margin (NS channels of the Brushy Canyon) to the eastern margin (NS and EW channels in 
the Cherry canyon and NE-SW channels in the Bell Canyon, in which formation they extend far into the DB) (Smye et al., 2021; Nance, 
2020a). Net sand volumes average 46%, 68% and 70% for the Brushy Canyon, Cherry Canyon, and Bell Canyon, respectively, but 
carbonate dominates on the DB margins (Smye et al., 2021). The Brushy Canyon has been described as containing coarser sandstones 
but, because of a lack of sorting and of post-deposition diagenesis, its porosity and permeability are lower overall than that the finer, 
but better sorted overlying formations. Carbonate units are rare in the Brushy Canyon but become abundant upwards, with more 
extensive and laterally continuous intervals in the Bell Canyon, compartmentalizing the formation horizontally. Some, such as the 
Lamar Limestone Member at the top of the Bell Canyon, and the Manzanita Member at the top of the Brushy Canyon, can be traced 
basin-wide (King, 1948; Hampton, 1989). The DMG formations were partly exhumed during regional tilting in the Neogene and crop 
out in the Delaware Mountains to the west of the DB on an along-strike length of ~50 miles (80 km). The DMG is impacted by many 
shallow normal faults with small throws that delineate small grabens (Staniewicz et al., 2020; Charzynski et al., 2019). These faults are 
not believed to have a significant impact on regional flow. 

The overall prograding Capitan Reef complex marks the transition between basinal and shelf sediments, almost completely en
circles the DB, and is approximately coeval of the Bell Canyon (Fig. S5). The eastern arm of the Reef, along the CBP, is mostly buried 
except to the south of the DB where it crops out in the Glass Mountains. To the north, crossing into New Mexico, the Capitan Reef is 
shallow and host of a fresh water aquifer and then emerges in the Guadalupe Mountains as the main surface expression of the western 
arm of the Reef (Standen et al., 2009; Hiss, 1976). The large late Cretaceous fault that uplifted the Guadalupe Mountains (“Border 
Fault”) during the Laramide Orogeny, dropped the remainder of the western arm deep into the subsurface (except locally in the 
Patterson Hills and Apache Mountains) until it disappears across from the Glass Mountains, completing the horseshoe shape of the reef 
complex and leaving open the channel linking the DB to the open ocean. The backreef debris toward the platform and the shelf 
sediments are generally described as fractured and of good permeability whereas the carbonate debris of the forereef are understood as 
more compact and of lower permeability (Nance, 2020a). 

The Castile Formation is restricted to the DB proper, but younger formations of the Ochoan series (Salado, Rustler and Dewey Lake 
Formations) extend outside of it. The anhydrite of the Castile has a sharp but conformable transition with the top of the Bell Canyon 
Formation. It has a basal limestone towards the margins of the DB. Interbedded halite is frequent in the Castile. The salt from the Salado 
Formation (halite with frequent sylvite and other complex evaporite minerals) is the thickest in Lea County in New Mexico and along 
the eastern side of the DB but is barely present in the western half of the DB due to active dissolution by meteoric water. It has also been 
considerably thinned along the footprint of the Capitan Reef on the eastern margins of the DB, allowing for the deposition of the thick 
Cenozoic Pecos Valley Alluvium. 

2.3. Hydrogeology and oil and gas production 

Several studies have investigated the general features of groundwater flow in the DMG under natural conditions. Others studies 
have been narrowly focused on producing reservoirs (Dutton et al., 2005). Although the Wolfcamp Formation and part of the Bone 
Spring Formation and of the underlying Pennsylvanian Formation have been described as strongly overpressured (Rittenhouse et al., 
2017; Bryndzia et al., 2019), strata younger than Guadalupian, including the DMG and Capitan Reef, are normally pressured, but some 
sections can be under artesian conditions (Knowles and Lang, 1947; Hiss, 1976, 1980). Uplift and tilting had an important impact on 
regional hydrogeological flow in the DB. Flow in all normally pressured formations is currently towards the south and east, driven by 
the general topographic slope of the Permian Basin (Nicot, 2021). The tilting initiated the flow of water that had been nearly static or 
flowed slowly in a flat terrane for millions of years (e.g., Ferguson et al., 2018). This tectonic activity promoted recharge in units 
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exposed along the western edge of the DB (e.g., Lee and Williams, 2000). The western margin of the DB can be recharged through the 
fractured Capitan Reef and the DMG outcrop as evidenced by low TDS formation water. Natural secular flow in the DMG is generally 
described as very slow, and directed towards the east and southeast (Hiss, 1980; Sharp, 2001). The salinity of the DMG is highly 
variable from fresh to hypersaline but spatially structured (see later sections for full discussion). Salinity from oil fields can reach up to 
~250,000 ppm (West Texas Geological Society WTGS, 1982). Historical papers and reports with data on the DMG (McNeal, 1965; 
TWDB Texas Water Development Board, 1972; Zaengle, 1995) show large spatial contrasts in TDS, with lower TDS in the western side 
of the DB, increasing to high values adjacent the CBP, and reverting to low values on the Guadalupian carbonates of the CBP. 

Aquifers with fresh to brackish water are present in the Ochoan Rustler and Dewey Lake Formations. and also include the Triassic 
Dockum Aquifer, the Cretaceous Edwards-Trinity Aquifer and the Cenozoic Pecos Valley Aquifer, as well as the Guadalupian Capitan 
Reef. Depending on their locations and access to the end users, all these aquifers are used as water source by oil and gas operators and is 
the carrier fluid for hydraulic fracturing stimulations. The Capitan Reef Aquifer and DMG are in direct contact with each other. The 
hydrodynamic nature and degree of interconnectivity at the margins of Permian Basin is an important consideration for modeling pore 
pressure. 

The northern section of the Capitan Reef is an important aquifer for the City of Carlsbad and Eddy County in New Mexico, the 
Capitan Aquifer, (Fig. 1), and is recharged in the Guadalupe Mountains where the ancient reef crops out. The eastern arm of Capitan 
Reef is well hydraulically connected to the shelf deposits through permeable backreef sediments, but connection is intermittent with 
the basinal deposits because of the low permeability of the forereef sediments. For example, the large Hendrick oil field in Winkler 
County, located on the CBP (Fig. 1) produces low TDS water and has been shown to be hydraulically connected to the Capitan Reef 
(Hiss, 1976). Hiss (1976) noted a slight decrease in the potentiometric surface of DMG wells between 1920 and 1970. He hypothesized 
that oil and water production from reservoirs on the CBP and northern shelf hydraulically connected with the Capitan Reef caused the 
pressure decrease. Large produced water volumes ultimately withdrawn indirectly from the Capitan Aquifer were compounded by 
large volumes of water directly withdrawn from it for waterflooding purposes up to the 1960 s. Overall withdrawals were large enough 
to reverse flow directions in the Capitan Aquifer with a current pressure deficit centered on Winkler County (Hiss, 1976; Sharp, 2001; 
Uliana, 2001). This strong pressure signal was apparently detected in historical DMG potentiometric measurements (Hiss, 1976). This 
would suggest hydraulic communication and potential attenuation of excess pressure in the DMG if it bled into the Capitan Reef. 
However, many wells in the Capitan Reef on the eastern arm are in recovery mode (Jones, 2014) with increasing water levels that 
cannot be discerned from pressure bleeding related to water injection in the DMG. An examination of recent water level measurements 
in a limited number of Capitan Reef water wells with acceptable time series (28 wells) do not show a recent change in their long-term 
trends, but these measurements do not necessarily suggest there are not potential active exchanges. 

Historical (conventional) oil and gas production targeted mostly DMG sandstone reservoirs, starting in the 1920 s, with associated 
forays into Bone Spring, Pennsylvanian, Devonian, and Ellenburger reservoirs since the 1980 s (a total of ~9000 wells have been 
drilled, with ~ 4000 are still active, Fig. S6 and Fig. S7). Wells were principally located along the eastern and northern margins of the 
DB (Nance, 2020a) with the greatest production coming from wells in the Bell Canyon (Dutton et al., 2003), then the Cherry Canyon 
and lastly the Brushy Canyon. Annual oil production from the DMG increased steadily from the 1950 s to late 2010 s with a peak of 
20 + million barrels in 2015 (cumulative production of 600 + million barrels). Cumulative production in the DMG using conventional 
methods was estimated to be ~350 million barrels in the early 2000 s, at the onset of the shale revolution in the DB (Dutton et al., 
2005; Potter et al., 2020), that is, cumulative oil production of 250 + million barrels in the DMG occurs in parallel to injection ac
tivities. In the 2010 s, along with the development of the underlying reservoirs in the Wolfcamp and Bone Spring Formations, operators 
added low-permeability organic-rich self-sourced siltstones to their targets, which contributed significantly to the 2015 production 
peak (EIA, 2020). Wolfcamp and Bone Spring unconventional development provides most of the current production in the DB (10, 
000 + hydraulically fractured wells). A significant consequence of DB unconventional operations is the high water-oil ratio, as high as 
3 vol/vol (Nicot et al., 2020; Scanlon et al., 2017). These volumes are much higher than in the neighboring Midland Basin and many 
other unconventional plays. This produced water represents a significant technical and economic challenge to the industry as it now 
faces increased induced seismicity (Frohlich et al., 2020; Schultz et al., 2020), potential overpressure, and diminishing storage capacity 
(Scanlon et al., 2020b; Gogri et al., 2018). The very low permeability of the producing formations does not favor reinjection of the 
produced water. Instead, the bulk of produced water from unconventionals is injected into DMG formations. The cumulative saltwater 
volume disposed into more than 1000 DMG SWD wells reached > 5.6 billion barrels by December 2019. 

Water production from conventional DMG reservoirs (3.4 billion barrels to date) follows the typical model of increasing water cut 
(fraction of water in the produced fluids) as production matures with most of the water being reinjected into the reservoir for pressure 
maintenance. It follows that overall pressure changes are only due to hydrocarbon production and that this short-path water cycle can 
be neglected. An important caveat relates to ~400 DMG wells that can be considered unconventional and have produced 0.42 billion 
barrels of water by December 2019, which are counted in the 5.8 billion barrels of water injected into DMG formations through SWD 
wells. Most of these wells are in Lea and Eddy counties in New Mexico. 

Most of the sand-hosted DMG reservoirs are described as oil reservoirs with no gas cap at discovery and having a relatively quickly 
exhausted solution gas drive (Galloway et al., 1983; Dutton et al., 2005; Nance, 2020a), suggesting poor connection to the surrounding 
aquifer and, potentially, some pore space with depleted pressures. This was confirmed by sharp pressure drops over the local areas 
surrounding oil fields (Hiss, 1976). There is no recent measurement available to assess the degree of pressure recovery after production 
has ceased. Nance (2020a) stated that oil recovery efficiency is < 15% in most reservoirs even with secondary recovery because of the 
complex geometry of the reservoir and of the lack of a sustained driving mechanism. In general, slope and basin systems, such as the 
DMG, host reservoirs with the poorest sweep efficiency. Some reservoirs underwent successful tertiary recovery CO2 floods (Potter 
et al., 2020) although the overall recovery efficiency remained low. Ford Geraldine field, which produced > 30 million barrels from 
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the upper part of the Bell Canyon, is the largest DMG field in the DB with an original oil in place of ~100 million barrels (Dutton et al., 
1998). Fields close to the CBP, and along the eastern boundary of the DB, are described as having a water drive, likely related to the 
nearby Capitan Reef. The fact that very few oil reservoirs are known to be present in the Capitan Reef (Nance, 2020b) does not negate 
water exchanges between the Capitan Reef and DMG, as two-phase flow dynamics dictates that flow of the non-wetting phase (oil) can 
be impeded while that of the wetting phase (water) is not. 

3. Data source summary 

The construction of the flow model is a three-step process. Step 1 is the development of the quality-controlled database of injection 
well data as described below. In specific support of this research, Smye et al. (2021) provide Step 2 – the DMG reservoir description, 
which was used to construct a geocellular model. The geocellular model has the stratigraphic structure of the model through corre
lation of geophysical logs for 1090 wells (HIS, 2017–, 2020) distributed across the DB (Fig. 2). Porosity values were also extracted from 
a subset of the same dataset (327 wells). In Step 3, porosity values were upscaled in the geocellular model and implemented in the flow 
model proper to populate the grids. SWD well monthly injection volumes and average wellhead pressures were obtained from the state 
oil and gas regulatory agency, the Railroad Commission of Texas (RRC), H-10 forms, and from Enerdeq IHS Markit. The data were 
quality-controlled building on previous experience (Gao et al., 2021; Lemons et al., 2017). Note that, because operators report well 
operation data only once a year, there is a lag of about 15 months until this information can be considered complete. In addition, RRC 
provided 23 files with bottom hole pressure (BHP) and step rate test results. The BHP information is used to confirm the initial pressure 
gradient in the model. 

Permeability data were also collected from historical publications on individual oil reservoirs (over 80 fields in DMG) and from the 
analysis of this data, from which a porosity-permeability transform was derived (Smye et al., 2021; Dutton et al., 2005). Additional 
data were taken from recently drilled RRC SWD permit files; a total of 15 step-rate tests were used to estimate permeability. Physical 
characteristics of the SWD wells, such as perforated intervals, open hole or cased status, and tubing dimensions were sourced from 
Enerdeq IHS Markit. 

Compressibilities were estimated from the data in literature guided by RRC data. Temperature data were extracted from measured 
downhole values (HIS, 2017–, 2020). Salinity data was obtained from public domain sources: (1) USGS Produced Waters Database 
(Blondes et al., 2018) containing ~350 DMG historical samples (mostly collected in the 1960 s and 1970 s) along the margins of the DB 
and (2) New Mexico Water and Infrastructure Data System (Cather et al., 2016) which recently disseminated a snapshot of produced 
water geochemistry from 2014 to 15 (~650 DMG samples) as well as recent data points from Nicot et al. (2020). Oil and gas production 
history, production well locations, and target intervals were extracted from HIS, . (, 2017–, 2020) 

4. Model construction and methods 

4.1. Model structure 

The area of interest covers the entirety of the DB and the model targets the DMG and Capitan Reef formations. It includes whole or 
parts of eight counties in west Texas and two counties (Lea and Eddy) in southeast New Mexico (Fig. 1). The areal extent is constrained 
by the structural boundaries of the DB: Capitan Reef complex to the east and to the north and DMG outcrop to the west. All side 
boundaries are assumed no-flow, which is a suitable assumption for a model of this large extent and the nature of the boundaries. Most 
of the injection occurs in the eastern half of the DB, not far from the high permeability Capitan Reef, whose proximity could buffer the 
model pressure variations in that area, and that is akin to the traditional approach of modeling water drive reservoirs (e.g., van 
Everdingen-Hurst model). The impacts of the Capitan Reef are analyzed in the Sensitivity Analysis section. No faults are in the model 
even though they exist in the DMG (Hennings et al., 2021a,2021b and 2021b), but many are minor with small throws compared to the 
thickness of the modeled units and of uncertain properties. They are not believed to have caused significant offsets of the model layers 
or to limit transverse flow because of the general absence of clay minerals that might reduce across-fault transmissibility (Ortiz et al., 
2019). However, anecdotal information operators suggest transmissive flow parallel to the fault planes. Anisotropy possibly created by 
fault-parallel permeability enhancement is not studied here but this work is important input to more advanced analysis. 

The top of the model domain is the top of the Bell Canyon Formation or, equivalently, the bottom of the Castile Formation The 
bottom of the model domain is the bottom of the Brushy Canyon Formation or, equivalently, the top of the Bone Spring Formation 
(Cutoff Shale). For the purpose of this model, top and bottom boundaries are assumed to be no flow because of the significant contrast 
in matrix permeability. Geochemical observations of water of clear meteoric origin on the western side of the DB, show that recharge 
has occurred in the recent past, and could be currently occurring; however, the recharge rate is too low to play a role for the short 
timeframe considered in this model. No study of recharge to the DMG exists but an overlying aquifer with a similar footprint and 
outcrop located in the same general area (Rustler Aquifer) has been attributed a recharge of 3 mm/year or less (Ewing et al., 2012). 

For the purpose of establishing the layering for the flow model, the geocellular model was constructed using the Petrel software 

Fig. 2. Representative petrophysical log of the DMG for Weltmer Trust 32–55, located in Reeves County, TX. The log shows the dominant lithology 
of the Bell, Cherry and Brushy Canyon Formations as interpreted from gamma ray (GR, Track 1) and resistivity (RES, Track 2) log cutoffs. Raw bulk 
density (RHOB) and neutron porosity (NPHI) logs are shown in Track 3, and porosity (PHIT) as interpreted from a multi-mineral petrophysical 
model is shown in Track 4. The location of this type log well is shown by the green star in Fig. 1. 
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(v.2019.4) (Schlumberger, 2019). A total of 1090 wells were used to correlate formation tops over the ~20,000 mi2 of the study area 
(Smye et al., 2021). The three DMG formations (Bell Canyon, Cherry Canyon, and Brushy Canyon) were identified through these 
correlated tops. Formation thicknesses vary from the edge to the center of the DB and they also pinch out completely at some locations. 
Three lithologies (sandstone, siltstone, and carbonate) were defined in the model. 

The Computer Modelling Group’s (CMG) modeling package CMG-STARS, v.2019.10. (Computer Modeling Group CMG, 2019) was 
used to simulate pore pressure history. The code computes fluid properties such as viscosity and density as a function of temperature, 
pressure, and salinity. The model output is pressure rather than head because of the variable salinity, and therefore of the variable 
water density (e.g., Langevin and Guo, 2006). The model has 18 layers for the three DMG formations. Each formation is arbitrarily split 
into 6 layers of equivalent thickness in order to accommodate many short perforated SWD intervals, as well as 12 layers for the Capitan 
Reef. The corner-point grid is 123 × 170 mi2 (198 ×274 km2) with 123 × 170 × 30 cells of approximately 1 × 1 mi2 (1.6 ×1.6 km2) 
and includes 215,621 active cells. The average cell thickness is 163 ft (50 m) and the thickness of 85% the cells around the median 
ranges from 70 to 278 ft (21–85 m). Grid cells are aligned in the y direction with one of the main structural directions (NNW-SSE) that 
makes the eastern boundary with the CBP. Perpendicular structure (x direction) is the high permeability channels of the Bell Canyon 
and Cherry Canyon and, which is also aligned with the smaller faults. 

4.2. Property distribution 

The porosity and permeability fields (Fig. 3 and Fig. S8) were constructed in the Petrel software. A total of 334 wells with relevant 
petrophysical logs were used to model the porosity field through geostatistical analysis and sequential gaussian simulation. Perme
ability values were obtained through a more elaborate workflow making use of the measured porosity the injectivity of SWD wells. 

The porosity values from log interpretation range from 10% to 25% for sandstones, from 5% to 10% for siltstones, and are less than 
5% for carbonates (Smye et al., 2021). Well log data (~0.5 ft or ~15 cm vertical resolution) were upscaled in the geocellular model 
and extended across the entire layer through geostatistical and sequential gaussian simulation modeling (spherical model with a small 
nugget effect; low variance, and ~2–10 miles (3.2 − 16 km) range). Overall, lithologies can be continuous over long distances at the 
regional scale (siltstone drapes, carbonate members, channel sandstones), which suggests a large geostatistical range, at least before 
upscaling, but also can be variable at the local scale, which suggests a high nugget effect. We opted to keep a relatively small nugget 
effect to avoid convergence problems when some of the hundreds of injection wells, about which little is known, are located in a 
randomly assigned low permeability cell. Porosity values estimated from well logs show differences with respect to the three DMG 
formations. Average porosity by formation are shown in Table S1, with a global average of 9%. Most cells were assigned a porosity 
between 3% and 15%, but locally, porosity can be > 20%. The mean porosity of Bell Canyon and Cherry Canyon Formation is higher 
than that of the Brushy Canyon Formation. 

There are two contributions to the permeability field: 1) the porosity-permeability transform based on the log-derived porosity and 
core analysis, and 2) the estimated injectivity-derived permeability from available flowing well head pressure and flow rate history 
from SWD wells (Fig. S9). Note that there is no overlap between the two well sets. A porosity-permeability transform was developed 
with more than 9000 data points (Smye et al., 2021). It was observed that the relationship persists across variations in texture and 
facies. The porosity-permeability relationship can be used as a “permeability index”. The permeability field upscaled from the “index” 
values was complemented by larger-scale permeability values estimated from injection rate and SWD well head pressure (from 594 out 
of 1008 wells) and step-rate tests obtained from the RRC. 

The second dataset of injectivity-derived permeability lacks the vertical resolution provided by the petrophysical study, but reflects 
the field permeability that best accommodates the injection rate. The injectivity-derived permeability was estimated by assuming 
steady-state flow conditions, constant water viscosity of 1 centipoise (1 kPa•s), constant effective radius of 1000 ft (304.8 m), and 
wellbore radius of 0.25 ft (0.076 m). These permeability values were added to the model at control points (SWD wells), accounting that 
SWD well locations are biased towards higher permeability zones. The use of injectivity or specific capacity is not uncommon in 
developing flow models of regional aquifers (e.g., Nicot et al., 2013) but is typically used to complement results from more traditional 
pump tests in areas with a lack of well data. In this study, the approach is applied to the entire model using high-volume injection wells. 

The final uncalibrated permeability field was then generated by co-kriging with the porosity field. Average permeability by for
mation varies within a limited range and overall average permeability is ~18 md (1000 md or 1D corresponds to a hydraulic con
ductivity of 0.86 m/day). Typical values range from 0.4 to 200 md for > 99% of the cells, with very few cells > 1D. Overall, 
permeability values in the Bell Canyon and Cherry Canyon Formations are higher than that in Brushy Canyon Formation (Table S1). 
However, the base case model does not assume horizontal permeability anisotropy. 

Little vertical communication at the regional scale was assumed in the base case, with vertical permeability 10% of the horizontal 
permeability. The rationale is two-fold: 1) the presence of extensive low-permeability carbonate layers at the regional scale between 
the Brushy Canyon and Cherry Canyon and between the Cherry Canyon and the Bell Canyon; and 2) the strong stratification of the 
sediments at the bed level as well as the poor degree of amalgamation at various scales (Smye et al., 2021; Dutton et al., 1998). Given 
the magnitude of pore pressure modeled, it is likely that injection will cause hydraulic fracturing near wells with a high injection rate 
which would increase vertical communication. These results can be used to address this phenomenon. 

Base case pore compressibility of the rock formations in the DMG, a component of the storage coefficient, was calculated to be 
7.5 × 10− 6 psi− 1 (1.09 GPa− 1) (Dutton et al., 1998, Ford-Geraldine field). Based on a 9% average porosity, this value is consistent with 
other studies (e.g., 5.12 ×10− 6 psi− 1 or 0.74 GPa− 1 from Hall (1953); 9.79 × 10− 6 psi− 1 or 1.42 GPa− 1 from Newman (1973). The 
salinity distribution is discussed in the Initial Conditions section. 
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4.3. Fluid budget 

The DB has a long history of oil and gas production, both from DMG conventional and unconventional reservoirs and from un
derlying unconventional reservoirs (mainly Bone Spring and Wolfcamp Formations). Most produced water from conventional reser
voirs was reinjected into the same formations for pressure maintenance or waterflooding (Lemons et al., 2019). In this study, we 
assumed that conventional water production and injection cancelled each other at the spatiotemporal scale of the model, and they are 
not further considered, although an unknown amount of produced water may have been pumped into “evaporation” pits before the 
1950 s. However, water production through DMG unconventional wells amounts to 0.42 billion barrels and must be accounted for in 
the model. A total of 1071 SWD wells within the modeled area have injected ~5.8 billion barrels of water from January 1983 to 
December 2019, the last month with complete data for analysis. Typical injection rates range from 1000 to 8000 barrel/day, with 
high-rate wells injecting more than 60,000 barrel/day into the Bell Canyon Formation. Some wells have low average injection rates 
< 300 barrel/day. Most perforations of the SWD wells are completed in the Bell Canyon Formation, followed by the Cherry Canyon 
Formation, and fewer wells still in the Brushy Canyon Formation. 

Cumulative oil production from the DMG is ~0.6 billion barrels at surface conditions with no associated gas and this volume is large 
enough to be included in the flow model. The oil density from most DMG fields is generally 38–42◦API gravity (West Texas Geological 
Society WTGS, 1982). Using 39◦API (Nance, 2020a), and assuming solution gas is methane and the initial gas oil ratio is 
~4000 ft3/barrel at standard conditions (HIS, 2017–, 2020), the equivalent reservoir volume of 1 barrel oil produced at the surface is 
~1.6 barrel in the subsurface. Oil production was assigned to the cells corresponding to the field location and depth. 

Approximately 1.9 trillion cubic feet (Tcf) at standard conditions of (mostly solution) gas have been produced from the DMG 
conventional reservoirs (HIS, 2017–, 2020). Although some free gas could be released during production, accumulate in a newly 
created gas cap, and affect the bulk compressibility and the pressure in the formations, there is no evidence of such phenomenon. On 
the contrary, solution gas seems to be exhausted quickly, and the affected area is small compared to the much larger basin size model, 
therefore the impacts would negligible to the overall pressure evolution in the DMG formations in its entirety. 

4.4. Initial conditions 

Initial conditions of pressure and temperature were estimated using an analysis of initial shut-in pressure measurements obtained 
from drill-stem tests. The pressure was distributed in the model cells by assuming hydrostatic conditions with a pressure reference 
point located in the cell with the highest elevation, which is a cell close to the outcrop area. The initial pressure gradient is 0.49 psi/ft 
(11.08 kPa/m) (Fig. S10 and Table S2) and model initial pressure values range from 174 to 4050 psi (1.2–27.9 MPa). 

Geothermal gradient varies with depth. We adopted an averaged geothermal gradient of 1.25◦F/100 ft (22.75 ◦C/km) (Fig. S10 and 

Fig. 3. (a) Porosity (volume fraction) and (b) permeability (md) for the top layer of the Bell Canyon Formation. Properties for the other two 
formations are shown in the Supplementary Information (Fig. S8). Note the DMG outcrops on the western side of the basin and the geometric 
progression of the permeability scale. 
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Table S2) with a constant surface temperature of 64◦F (17.8 ◦C). The temperature in the model ranges from 64◦F (17.8 ◦C) to ~167◦F 
(75 ◦C). The injected water can be assumed at the temperature of 64◦F (17.8 ◦C), but is immediately set at thermal equilibrium with the 
resident water of the cell it is injected into. The non-isothermal mode of the software is not utilized. All gridblocks stay at the same 
temperature imposed by their depth. Temperature values vary cell by cell and impact the fluid properties (density, viscosity, 
compressibility), but not the rock properties (compressibility, porosity, permeability). 

The DMG exhibits a large TDS range, varying from fresh to brackish on the western margins of the DB next to where the DMG crops 
out and the aquifer is recharged. This phenomenon is confirmed by meteoric water invasion, from the west and north, following the 
general tilt of the region) to extremely saline at > 300 g/L in the east-central part of the basin center (Nicot et al., 2020). However, 
many of the historical salinity samples have a poor depth resolution. The close proximity of the overlying Castile and Salado For
mations would suggest that halite dissolution is the source of the high salinity in the DMG and that the upper sections of the DMG 
should have a high TDS value, potentially suggesting regional convective instabilities. However, if several samples clearly show halite 
and anhydrite dissolution, geochemical arguments strongly suggest that many high salinity samples stem from Ochoan evaporative 
brines (Nicot et al., 2020), supporting the assumption of a density-stratified system (Hiss, 1976). We conclude that the salinity dis
tribution correlates approximately with depth, and because more accurate data is lacking, we derive a linear function to represent 
salinity variations with depth. Water is modeled as a mixture of two geochemical components, saline water of 900 ppm at the shal
lowest depth and saline water of 250,000 ppm at the deepest part of the model. Initial salinity field is modeled as containing variable 
fractions of these 2 components. 

The unconventional plays in the Permian Basin produce water with a TDS ranging from < 20,000 ppm to > 200,000 ppm (Nicot 
et al., 2020). Therefore, we used a constant injection water salinity of 60,000 ppm, which is close to the statistical mode of the data and 
tested values ranging from 20,000 ppm to 150,000 ppm in the sensitivity analysis. Gridblock salinity values evolve over time and are 
controlled by the injection and related flow. 

4.5. Model calibration 

The actual DMG flow system is in a transient state at a geological time scale as modified Permian-age evaporative brines are being 
slowly purged and replaced by meteoric water, which, in some places, is saturated with dissolved halite (Nicot et al., 2020). However, 
for the purpose of this model, we considered the system to be at equilibrium prior to injection (no flow and density-stratified). Because 
of the subsurface complexity, which includes various feedback loops (e.g., salinity on density and viscosity), the initial “at equilibrium” 
pressure field (with a maximum pressure change <0.5 psi over a period of 100 years) is reached by running a long model transient 
before SWD injection starts. During the long transient phase, the system is considered open to reach full hydrostatic conditions given 
the initial pressure, temperature and salinity conditions. 

Calibration of the model is done over the entire model, and relies analyzing available surface wellhead injection pressures and 
convert them into BHPs. The wellhead flowing pressures range from ~0 psi to > 3500 psi (0 to >24.1 MPa) with an average of 
1250 psi (8.6 MPa). The BHPs were derived using an algorithm by considering head and friction loses (0–2725 psi or 0–18.8 MPa, 
respectively) that are estimated by assuming the absolute roughness coefficient of 1.3 × 10− 5 in (2.74 ×10− 5 m) for the steel well 
casing (Bourgoyne et al., 1986). The estimated BHP values range from ~850 to ~6200 psi (~6.0 to ~42.8 MPa). 

Not all reported wellhead injection pressure data can be directly used in the model because many are clearly inaccurate mea
surements. A typical example is where constant high pressures are recorded for several years despite varying injection rates. Such 
anomalous data typically represent maximum permitted pressure, not actual injection pressure. Very detailed and accurate, but 
confidential, operator data suggest a strong correlation between wellhead pressure and rate. In addition, several mechanisms visible on 
the injection history of individual wells, such as change in permeability following a workover, are not reflected in the model. To 
account for wellhead injection pressure data globally, each dataset was evaluated and assigned a confidence rating, with 0 for 
inaccurate data, 0.6 for general consistency with injection rate to 1 for cases with sequences of data with pressure being very consistent 
with injection rate. The inaccurate data are subsequently removed from inclusion in the model. The accepted pressure data were 
converted to estimated BHPs and compared to the modeled BHPs at the same injection wells. There is a total of > 15,000 useful data 
points over time and space (taken from 569 out of 1071 available SWD wells) (Fig. S11). 

4.6. Sensitivity study 

A sensitivity analysis was performed to evaluate parameters known to impact pressure behavior. Each parameter was varied 
individually without including cross-correlation effects (Table S3). For each simulation case, the long transient was run for the system 
to reach equilibrium before the start of injection. Porosity, horizontal and vertical permeability, horizontal permeability anisotropy, 
compressibility, temperature gradient, formation and injection water salinity are varied within a reasonable range from the base case 
values. In addition, scenarios related to the base case conceptual model were also evaluated when there was oil production, oil and 
water production, and the Capitan Reef gridblocks were inactive. In the base case, and for most of the sensitivity runs, no water is 
produced. However, a scenario must be considered where some of the water produced from DMG oil and gas reservoirs is disposed in 
SWD wells along with water produced from the underlying unconventional plays rather than reinjected close by for pressure main
tenance or waterflooding (and thus ignored in the model). Such is the case for unconventional DMG wells. If water is locally reinjected 
after production, the local water cycling has no impact on regional pressures and does not need to be modeled. Whereas, if injected into 
SWD wells, this water (~1.5 billion barrels) needs to be accounted for in the model by being produced with the oil and then injected. 

Results of the sensitivity analysis are evaluated using two metrics: (1) an illustrative value of the difference in pressure (ΔP) 
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between start of injection and last time step; rather than the median or average of the entire model, impacted by the large number of 
cells with no pressure changes, we use a more robust metric, a measure of the maximum pressure increase. However, rather than using 
the absolute largest value of all cells, the 99th percentile of the cells sorted in increasing ΔP is chosen in order to avoid outlier effects; 
and (2) the misfit (root mean square error) value computed as the sum of the square differences between estimated BHPs and model 
results at selected injection wells and at the same monthly time period normalized by the number of data points. 

5. Results 

Results are presented as maps of pressure deviations (ΔP) from the initial state (Fig. 4), focusing on the top layers representing the 
DMG: Bell Canyon, Cherry Canyon, and Brushy Canyon Formations. The Bell Canyon and Cherry Canyon Formations have the higher 
porosity and permeability distribution, and therefore have attracted the bulk of field operations and injected water. The higher 
permeability also leads to larger plume sizes, but with smaller pressure buildup. The Bell Canyon Formation includes more well-sorted 
sandstones and more consistently oriented sandstone channels that extend further into the DB. The channels have higher porosity and 
permeability, and higher amalgamation ratio (~connectivity), but are somewhat thinner with a median thickness of ~900 ft (270 m), 
as opposed to that of the Brushy Canyon and Cherry Canyon Formations at ~1000 ft (330 m) for both. Simulation results show 
pressure buildups ranging mostly from 100 to 400 psi (0.69–2.76 MPa), and locally exceeding 500 psi (3.45 MPa) near some injection 
sites (Fig. 4 and Fig. S12). High pressure buildups have become more common in recent years due to a dramatic increase in injection 
volumes. The lateral extent of pressure plumes is larger in the Bell Canyon and Cherry Canyon Formations, consistent with the larger 
volumes of water being injected as these formations have a higher storage capacity (Smye et al., 2021). Analyses of estimated BHP 
values and corresponding modeled pressures indicates that most calibration points fall along or close to the 1:1 line that denotes the 
best fit to the data (Fig. S13 and Fig. S14). History matching done for a few wells (Fig. 5) also show a good match between the modeled 
BHPs and the BHPs estimated from the field data (calculated RMSE for those wells range from 100 to 250 psi). 

The sensitivity analysis shows that the pressure increase is sensitive to horizontal permeability and compressibility, the two pa
rameters controlling pressure diffusion (Fig. 6 and Fig. S15, Table S3). The horizontal permeability field controls pressure buildup, 
which determines both on plume size and the maximum increase. A multiplier of 5x applied uniformly to the permeability field will 
cause a ~30–60% decrease in the pressure buildup, whereas a multiplier of 0.2x will lead to an equivalent pressure increase. The 
second most important parameter is compressibility. Doubling or halving the compressibility of the rock will result in a ~30–35% 
change in pressure buildup. The anisotropy of horizontal permeability in either direction will increase pressure differentials by ~10%. 
The effects from porosity, vertical permeability, temperature, and salinity are relatively small compared to the above parameters. The 
vertical permeability controls the vertical exchanges between upper and lower layers, not the SWD with long injection intervals. Most 
perforations of the SWD wells are in the Bell Canyon Formation, followed by the Cherry Canyon Formation, and the least in the Brushy 
Canyon Formation. Perforated intervals (or open borehole completions) of most SWD wells in the DMG are not long enough to hy
draulically connect all three formations (Fig. S16 and Fig. S17). This situation, combined with strong vertical anisotropy, translates 
into vertical differences in pressure buildups. 

Results from the scenario with only oil production (and water injection) indicate that the producing process would, as expected, 
lower the pore pressure around production wells, and, in turn, affect the overall pore pressure increase in the DMG, even though the 
overall effects are small (differences in pressure buildups about 10–40 psi or 0.07–0.28 MPa) compared to the pressure buildup of only 
injection activities (100–400 psi or 0.7–2.8 MPa) (Fig. S15). The results from the scenario with both oil and water production (and 
water injection) show that the pressure buildup was reduced by 40–140 psi (0.28–0.97 MPa). This scenario represents a limit to low 
pressure buildup in which we assume that all the water produced from the DMG during the 2010–2020 decade (~1.5 billion barrels) 
were reinjected back into the DMG through the SWD wells. It is not part of the short cycle (production and reinjection for pressure 
maintenance) we hypothesized earlier for all DMG water production and ignored in the base case. The oil being produced is assumed to 
be water occupying the same pore volume. This is clearly a rough approximation as described in Hosseini and Nicot (2012). 

The inclusion of the Capitan Reef in the model affects somewhat the pore pressure differentials at the edge of the DB (as much as 
20 psi (0.14 MPa) at some points). However, its inclusion does not influence much the overall pressure evolution in the DMG because 
the main injection centers are away from the model boundaries. 

6. Discussion 

The model was calibrated avoiding overcalibration through individual well history matching, which would fit the data too closely 
and cannot reflect the overall necessary adjustments of the permeability field. It would also be a poor predictor of future pressure 
distribution. The model presents some limitations due to the lack of independent calibration data at dedicated monitoring wells, that is, 
time series of pressure data besides injection pressure history at injection wells. This, combined with the short correlation length of the 
permeability field (~3 miles or 3 gridblocks), increases the uncertainty of the pressure modeling results away from the injection 
centers. The somewhat pockmarked nature of the differential pressure maps (Fig. 4) emphasizes this lack of long-range pressure 
attenuation. 

Another limitation is whether solution gas is released into the reservoir during production, which may also affect the pore pressure 
in the formations due to its large compressibility. Operationally however, operators are typically engaged in pressure maintenance 
early in production to avoid gas cap development, which would adversely impact oil production (Dutton et al., 2005). Therefore, we 
assume that the development of any small gas caps could be neglected in this regional model. 

The model has other approximations. The model has no-flow boundary conditions, including the model top and bottom. The impact 
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Fig. 4. Map of base case pressure increases in the three DMG formations: (a) Bell Canyon; (b) Cherry Canyon; and (c) Brushy Canyon.  

Fig. 5. Field (estimated from surface pressure) and modeled bottom-hole pressure time series at selected wells; (a) Well A is located in Eddy County, 
NM, and has a ~270 ft interval across the Bell Canyon and Cherry Canyon Formations; (b) Well B (Eddy County, NM), 1545 ft interval in the Cherry 
Canyon and Brushy Canyon Formations; (c) Well C (Loving County, TX), 1600 ft interval in the Bell Canyon and Cherry Canyon Formations; and (d) 
Well D (Loving County, TX), 2700 ft interval across the three DMG formations. 1000 psi is 6.9 MPa. 
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of intense hydrocarbon and water production from the Wolfcamp and Bone Spring Formations, in particular from the Avalon Shale at 
the top of the Bone Spring reservoir in the northern sections of the DB (New Mexico) are unclear. A similar situation arose in the Fort 
Worth Basin of North Texas, with the producing Barnett Shale overlying the disposal interval (Ellenburger Group). A pair of studies 
gave rise to conflicting conclusions about impact of hydrocarbon production, or lack thereof (Gao et al., 2021; Chen et al., 2020). 
Compressibility of the adjacent formations could play a role in attenuating the pressure buildup, especially if gas occupies the pore 

Fig. 6. Examples of sensitivity run results showing the impact of an (a) increased and (b) decreased pore compressibility by a factor of 2x and (c) 
increased and (d) decreased horizontal permeability by a factor of 5x. The maps show the difference between the pressure differentials of the base 
case and that of the sensitivity case (<0 pressure buildup difference means smaller pressure increase than in the base case). Pressure buildup 
difference is the difference between the pressure buildup of the sensitivity case and the base case. 
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space. Factors such as oil compressibility, which is greater than water, have not been accounted for in models. The poor oil recovery of 
such systems, combined with the ~0.6 billion barrels of oil produced (surface conditions; ~1 billion barrels at reservoir conditions) 
suggests that at least twice that volume of oil remains in place. Such considerations are outside of the capabilities of a single phase flow 
model. Modeling to account for these subsurface conditions would require of the incorporation of two-phase flow parameters which 
currently are poorly constrained at the regional scale. 

The rock units above and below the DMG could be affected by the SWD through dissolution or leakage along fractures and fault 
planes that impact the entire system and possibly enhances anisotropy of the horizontal permeability and reducing the vertical 
permeability. Operators have concluded that some Bone Spring - Avalon wells produce salt water that is injected into DMG SWD wells, 
similarly to what was observed between the Barnett Shale and the Ellenburger of the Fort Worth Basin (Gao et al., 2021). 

The model results of pressure changes from 100 psi (0.7 MPa) to > 400 psi (>2.8 MPa) in some injection areas has brought 
attention to the possibility of induced seismicity along some existing faults in the study area. Although previous work (Peterie et al., 
2018; Gao et al., 2021; Hennings et al., 2021a,2021b and 2021b) has shown that seismicity can be induced by pore pressure changes as 
low as 15 psi (0.1 MPa), the modeled regional pressure changes are higher than in many previously studied areas but consistent with 
the large amount of water injected in a short time span. Modeled pressure increase in the Fort Worth Basin reaches 200 psi (1.4 MPa) 
(Gao et al., 2021). In Oklahoma, pressure increases are described as < 200 psi (1.4 MPa) (Schoenball et al., 2018) despite a larger 
injection volume. However, the pressure increase is similar to but lower than that of another injection interval underlying the DMG 
footprint (Gao et al., 2020) where modeling suggests pressure increases > 400 psi (2.8 MPa) are not uncommon. 

The alignment of the numerous small graben-bounding faults and regional maximum horizontal stress (SHmax) (Lund Snee and 
Zoback, 2017) suggests the faults are prone to reactivation, but also that fluid flow along the fault plane could be enhanced because of 
the increased permeability (Barton et al., 1995; Townend and Zoback, 2000; Hennings et al., 2012). The presence of faults is implicitly 
included in the injectivity-derived permeability values. Note that transverse permeability across faults, which could lead to pressure 
compartmentalization when low, has not been evaluated. Charzynski et al., 2019 suggested that the numerous normal faults serve as 
upward pathways for migrating fluid. This could lead to the dissolution of the overlying salt deposits, creating migration pathways and 
subsequent pore pressure attenuation in the DMG, a positive outcome that would nevertheless negatively affect the geotechnical 
stability of the impacted volumes. With the magnitudes and orientations of in-situ stresses within the faulted areas, the risk of reac
tivating existing faults from pore pressure variations can be evaluated by this work. 

Nance (2020a) notes that the Castile Formation served as a barrier to the flow of hydrocarbon and guides hydrocarbon sourced 
from the DMG into CBP reservoirs. However, this barrier effect might be due to capillary and relative permeability effects rather than 
solely due to the low permeability of the Castile Formation. Nance (2020a) also posits that the lack of oil and gas accumulations west of 
the DB midline axis could be due to the absence of the Castile seal, suggesting that hydrocarbons are dissipated at the surface after 
migrating up the formation dip. This suggests less contrast in vertical and horizontal permeability values than assumed in this model. 

If recent injection trends persist, additional salt water needs to be managed through SWD wells in DMG formations for the near 
future. Scanlon et al. (2020b) estimated that the volume of future produced water could be up to ~250 billion barrels during the 
productive life of the DB. The anticipated production suggests the need for efficient management of future SWD activities in the in
jection fields of DB with hazard mitigation in mind. With our estimation of the current pore pressure changes with SWD to-date, 
optimization of future injection patterns within allowable injection rates and pressures would be beneficial to SWD operators to 
effectively, and safely manage the finite SWD resource of the DMG. 

7. Conclusions 

A model of spatiotemporal evolution of pore pressure in the DMG of the DB can be very helpful to understand the initiation of 
seismic events, to assess possible fault reactivation and the causation of anomalous seismicity, and to develop estimations of the future 
hazards from induced seismicity and from regional pore pressure increase to manage the critical SWD resources of the region. 

The modeling results indicate that:  

• Pore pressure increases range from 100 to 400 psi (0.7–2.8 MPa), although they could be up to 500 psi (3.5 MPa), and higher 
locally, when in close proximity to SWD wells.  

• Pressure increases are large enough to induce strong artesian behavior of potential conduits connecting land surface and DMG, and 
to sustain evaporite dissolution when initiated.  

• Small pressure increases exist far away from the injection centers due to pressure diffusion.  
• Pore pressure increases show high vertical variance due to the preferential injection into formations with better rock properties (i.e. 

Bell Canyon and Cherry Canyon Formations vs. Brushy Canyon Formation).  
• The sensitivity analysis shows that pressure buildups are most sensitive to horizontal permeability and compressibility.  
• Oil and related water production may limit pore pressure increase, especially around the production sites.  
• Salinity of both formation water and injected water has a limited impact on pore pressure differentials.  
• Presence of the Capitan Reef does relieve some pressure from the DMG, but it does not affect the increase in regional-scale pore 

pressure because it is located at the edge of the DB, away from most of the injection centers. 

This work can be used for informing SWD management of the DMG. With increasing volumes of wastewater being injected into the 
target formations, effective and efficient control on the injection rates and patterns requires a thorough understanding of the pore 
pressure distributions and reservoir conditions. 
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